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Organic-rich shales in the last decade have become a focus of the oil and gas 
industry, and currently are the primary source of oil and gas production from 
Unconventional resources. These resources will be in need of a method of enhanced 
recovery to maximize lifetime production from each well. Spontaneous imbibition, or the 
adsorption of a fluid into a porous media due to capillary forces and consequent 
displacement of non-wetting fluids is a good potential enhanced recovery method. 
Measuring the amount of spontaneous imbibition in an organic-rich shale is complicated 
by several challenges compared to traditional oil reservoir rocks, such as the ultra-low 
permeability and the high clay content. This clay content can often lead to swelling, 
which can affect imbibition measurements.  
 vii 
In this study, a new gravimetric method for measuring spontaneous imbibition is 
developed that can measure the rate, and volume of spontaneous imbibition as well as the 
degree of shale swelling. Two organic-rich shales, the Bakken and the Utica were 
examined and compared to establish the viability of the experimental method. The results 
of this work suggest that this method is a promising and viable method for measuring the 
volume and rate of spontaneous imbibition in organic-rich shale.  
The exposure of organic-rich shales to atmospheric conditions can significantly 
modify the properties of the shale through drying or hydration of the samples. All of the 
shales used in experiments in the following study were carefully maintained at their 
native state before exposure to the imbibition fluids. Additionally, the shale samples were 
exposed to several surfactant mixtures to measure the effect of these surfactants on the 
rate of imbibition. 
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Chapter 1: Introduction 
1.1 UNCONVENTIONAL HYDROCARBON RESOURCES 
The global demand for energy is ever increasing and unconventional 
hydrocarbons resources once overlooked as technologically and economically infeasible 
are have become a staple of the oil and gas industry, and now are included in world oil 
and gas reserves calculations (NPC 2007). With the anticipation of world energy demand 
increasing by at least 33% by 2035, unconventional oil and gas resources such as shale 
will help fuel our ever increasing demand (OECD 2013).  
Unconventional hydrocarbon resources are defined as resources that only produce 
oil and gas at profitable production rates and volumes after massive reservoir stimulation 
methods that increase and maximize contact between the surface area of a reservoir rock 
and the wellbore above traditional drilling and completion techniques (NPC 2007a).  
Such methods include: horizontal drilling, multilateral wellbores, and large-scale 
stimulation techniques such as multistage hydraulic fracturing (fracing).  
Fracing is a well treatment technique originally developed in the 1950s (Flores 
2011) and enhances the level of production of hydrocarbon bearing formations through 
increasing the surface area of the reservoir in contact with the wellbore. Fracing is 
accomplished by pumping fluids into a formation at pressures high enough to cause 
tensile failure within the rock. Once the initial fracture is opened, it is propagated through 
continuing to pump a fluid and often proppant, which causes growth of the fracture 
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(Economides). The proppant, often well-sorted sand or a stress resistant man-made 
spherical material, is added to the fluid mixture to hold open the fracture once the 
pressure at the surface is relieved and to create a high permeability pathway to the 
wellbore. In hydrocarbon bearing shale plays, fracing is combined with horizontal 
drilling and as many as 40 fracture treatments can be pumped per horizontal well. 
Horizontal drilling and hydraulic fracturing increase the area of contact by several orders 
of magnitude, enabling the economic production of unconventional resources including 
hydrocarbon bearing shale formations, as the reservoir matrix permeability is far too low 
otherwise (King 2010).  
While this paper is mainly concerned with shale gas and oil-bearing shale  (also 
referred to as tight oil reservoirs), the term unconventional reservoir can be used to 
describe hydrocarbon-bearing formations including but not limited to Shale Gas, Gas 
Hydrates Heavy Oil Sandstones, Oil Shale formations, and Tight-Gas Sandstones. It is 
worth noting that horizontal drilling and fracing expose the shale to large volumes of 
water, often ranging between 2 and 4 million gallons of water per well, which can have 
positive and negative effects upon the formation (Ground Water Protection Council, 
2009). Unconventional resources such as tight oil, oil-bearing shale, and shale gas have 
now been in production closing in on a decade and as such that a form of increased oil 
recovery or enhanced oil recovery is desired to maximize the total production over the 
lifetime of the wells. Though shale oil typically refers to kerogen saturated shales, the 
term will be used in this paper in reference to tight oil plays such as the Bakken which 
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have fully matured and are producible. Shale oil will also be used interchangeably with 
organic rich oil shale, and resource shale. 
1.3 SHALE 
Shale by definition is “a fine-grained detrital sedimentary rock, formed by the 
compaction of clay, silt, or mud” (Bates 1984). Shale is also referred to as mudrocks or 
mudstones, and is composed of the sedimentation of tiny particles less than 4 microns in 
diameter. Occasionally shale may contain larger particles up, 62.5 microns or the size of 
silt (Bates 1984). Many different types minerals and organic particles can make up shale 
including but not limited to quartz, phosphate, carbonate, feldspar, clays and organic 
matter (Ruppel 2012).  
Hydrocarbon bearing shale formations are often black to dark grey in color and 
are found the window for oil-generation. Resource shales can form if the organic rich 
mud deposited in a lake, a swamp, or marine environment then encounters the correct 
sequence of geologic events. In order to deposit enough organic material to form a 
organic rich shale, the depositional rate of minerals and organic content must remain at a 
specific ratio. The shale is formed once is exposed to a pressure and temperature due to 
burial and subsequent compaction (Passey, 2010).  
Due to the very specific order of events that must occur over geologic time the 
hydrocarbon source rock formations often exhibit enormous stratigraphic heterogeneity, 
vertically over distances less than one meter even when the shale is hundreds of meters 
thick. The stratigraphic heterogeneity continues to vary horizontally over scales ranging 
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from a millimeter to hundreds of meters (Bohacs et al., 2005). It is important to recall that 
shale is deposited at a relatively slow rate even in geologic time, a single meter in a shale 
could take a one thousand years to a over one million years to be created depending upon 
the rate of deposition.  
 
Figure 1.1:  1-2 meter Parasequences in Green River Shale Outcrop (Passey, 
2010) 
During this slow process of deposition significant compaction occurs, and 
transforms vast amounts of silt particles deposited over very long periods of time into just 
a few feet of rock.  The depositional environment of the resource shale controls much of 
the heterogeneity, and even within a favorable environment the stratigraphic 
heterogeneity can still vary substantially. Despite both the frequent small-scale vertical 
heterogeneity and stratigraphic heterogeneity repeating patterns or parasequences develop 
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(seen in figure 1.1) which allows for geological characterization of the shale (Passey, 
2010). 
The resulting type of fossil fuel generated in the source rock formation is 
dependent upon the type of organic material deposited. The total organic richness is 
characterized by total organic carbon (TOC), the depth of burial, and its age or maturity 
level. As TOC is related saturation and porosity in shale oil and gas rocks, a high TOC is 
ideal for hydrocarbon production from shale with a cut off point around 2-3% (Gamero-
Diaz, 2013; Agboada 2013).  
The production of shale gas from resource shale dates back over 190 years, only 
became profitable through the use of hydraulic fracturing and horizontal drilling in the 
last decade. These technologies allow for the high gas flow rates required profitability, 
and have increased the amount of shale gas recovery from 2% to 50% (King 2010). To 
optimize shale gas and oil production, the shale reservoirs must be effectively 
characterized through an understanding of the geology, lithology, mineralogy, and 
petrophysical parameters. Petrophysical characterization techniques for shale are being 
developed at the University of Texas to optimize production and understanding of shale 
reservoirs.  
All organic rich hydrocarbon shales consist of differing fraction of clays, and 
minerals.  This relative concentration of the various minerals varies widely between 
formations as seen in figure 1.2. This variation is not unexpected expected as nearly 
every depositional environment of resource shale varies in some manner. However the 
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stratigraphic heterogeneity discussed previously, continues to be observable in the shale 
mineralogy. Resource shales vary widely in mineral and clay composition both internally 
and between different resource shales.  
 
Figure 1.2:  Ternary plot of classification for organic rich mudstones / shales 
containing five classifications of mudstones and the average composition of the shale 
resource plays currently in production (Allix et al, 2010).  
The clays within the resource shale contain water molecules that are integral to 
the both clay’s structure, and the overall structure organic rich shale itself. For this reason 
the method handling of shale samples is of utmost importance as the shale is highly 
sensitive to dehydration, and exposure to water based fluids (Sharma, 2004). After 
exposure to water based fluids, the shale softens and sometimes swells, and cannot return 
to its original hydration state once it is altered (Chenevert, 2001). For these reasons, any 
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petrophysical tests on shale must be preformed at its native state water activity (Jung et 
al, 2013, Chenevert, 1970). The techniques for shale sample handling and preservation 
will be discussed later at length.  
1.3 MOTIVATION FOR IMBIBITION STUDY 
The focus of resource shale exploration and production has shifted from gas shale 
to oil bearing resource shales over the last 5 years (Birger, 2011). Over the next 30 years, 
the United States of America is projected to produce 38 billion barrels of oil from shale 
resource oil-bearing formations such as the Bakken (EIA, 2013b). The USGS has 
estimated that 7.4 billion barrels of undiscovered recoverable oil is in the Bakken shale 
formation alone (Gaswirth et al, 2013).  
With such a large volume of oil in place and estimated production, there is a large 
incentive to enhance recovery above current levels, as even an increase in oil recovery as 
small as a half of a percent boost in total oil recovery would significantly increase the 
total production. Past estimated recovery factors for the Bakken have ranged from 0.7% 
to 50%, but the true recovery factor most likely lies between 9.2 and 16% (Dechongkit 
and Prasad, 2011). The variation of recovery factor is likely to be highly dependent upon 
the effectiveness of hydraulic fracturing treatment, and connection to natural fractures 
within the reservoir if present.   
Traditionally, the recovery of oil and gas is broken up into three phases in 
conventional reservoirs: primary, secondary, and tertiary recovery. Primary recovery is 
the production of oil and gas using the internal reservoir forces such as the overburden 
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pressure, solution gas, or a natural water drive. The effectiveness of primary recovery 
depends upon reservoir architecture, geology, and fluid properties. Typical recovery for 
primary recovery factors range between 5 and 20% of original oil in place (OOIP). The 
values of oil recovery in the Bakken shale are reasonable recovery values for primary 
recovery for formations with overburden pressure and solution gas drive.  
Waterflooding is the process of injecting fluids back into the reservoir to boost 
reservoir pressure once the differential pressure between the formation and the surface is 
no longer sufficient for production. Waterflooding is a proven and effective conventional 
secondary recovery (also referred to as increased oil recovery (IOR)) process that has 
been in use for decades. Waterflooding, and other forms of IOR, boost recovery factors 
up to 40-60% of OOIP by adding energy into the reservoir system to assist in production. 
 To recover oil in place, above secondary recovery, tertiary recovery techniques 
(also known as enhanced oil recovery (EOR)) must be applied to displace the oil that was 
left behind due to wettability conditions, natural fracture networks or hydrocarbons 
trapped through capillary forces. 
 EOR techniques can be broken into four major groups: chemical EOR, thermal 
EOR, gas EOR and other EOR methods that don’t fall within the previously listed 
categories.  Each type of EOR has advantages and disadvantages, and must be paired 
appropriately with the reservoir conditions, fluid and rock properties to achieve 
maximum oil recovery from a formation.  
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IOR and EOR have not yet been widely applied to tight oil shale systems. 
Traditional waterflooding techniques would not be an ideal for all tight shale oil 
formations as the permeability of organic-rich shale ranges between 100 nD and 30 mD 
(King, 2010, Wang 2012), and could require very large pressures would be required to 
create the water drive. Additionally, the highly fluid sensitive nature of some shales make 
traditional waterflooding an even poorer choice as the fluid sensitivity of these organic 
rich shales would most likely lead to significant problems with injection. Many organic-
rich shale reservoirs contain significant amounts of natural fractures. In the case of highly 
fractured reservoirs, the injected fluid can bypass the matrix and travel through natural 
fracture networks if the wells are interconnected.  
Large-scale production of unconventional tight shale oil plays such as the Bakken 
began in the early 2000s with the Bakken boom beginning in 2006 (Clark, 2009). As a 
result, some wells are over 7 years old and have reached very low levels of productivity 
compared to new wells. In the South Antelope Field, the first year decline alone is 83% 
with a 6% terminal decline. Over a 7 year time period the production in the South 
Antelope Field drops to 11.7% of its original value (West, 2013). While Cressent Point 
Energy is currently preforming a selective waterflood field test in the Bakken of 
conclusive results have yet to be found (Wood and Milne, 2001). Cressent Point Energy 
only provided limited production about the waterflood which makes it nearly impossible 
to make any meaningful conclusions.  
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The ground is primed for a novel method for the increase in oil production in tight 
oil organic shale formations. In tight oil reservoirs, spontaneous imbibition and 
wettability modification can be an effective chemical EOR treatment. This form of EOR 
is particularly effective in fractured reservoirs. Spontaneous imbibition at it is most basic 
level is the diffusion and displacement of one fluid by another in a porous medium and is 
a function of capillary pressure. Wettability can be best described as a bulk description of 
the intermolecular interactions between the interfacial tension between two liquid phases 
or a solid and a liquid phase. The wetting fluid will spread out on the solid surface in the 
presence of other immiscible fluids. The interactions between the adhesive and surface 
forces described by wettability can be modified through the use of surfactants and can aid 
in imbibition through modification of the interfacial tension (Peters, 2009). Wettability 
modification and the subsequent countercurrent spontaneous imbibition into a formation 
can provide an effective displacement of oil as the wettability modification changes the 
capillary pressure within the formation from negative to positive.   
1.4 SCOPE 
The goal of this paper is to establish a method for measuring spontaneous 
imbibition in organic rich shale samples, specifically Bakken and Utica Shale. When 
measuring spontaneous imbibition in organic rich shale, the fluid sensitivity of the shale 
introduces a number of complicating factors to the experimental measurement as the 
sample may swell. To gather a full understanding of the physical phenomena when a 
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preserved shale sample undergoes spontaneous imbibition, a novel technique was 
required that allowed for the measurement weight change and swelling.  
As preserved organic rich shale samples are quite expensive and finite in quantity, 
an experimental technique that required the minimum amount of shale was ideal to 
maximize the amount of characterization that can be preformed. As the volume sample of 
sample is reduced, the physical volumes of imbibition can become quite small due to the 
often-small values of effective pore space for resource plays. 
Laboratory measured porosities for organic rich mudstones typically range 
between 2% and 15%. An experimental technique was required with high resolution 
capable of measuring than with more accurately than traditional imbibition cells provided 
was desired as the volume of imbibition may have not been recordable with preserved 
samples. The pore space for a 1-inch by 1-inch diameter core plug with a 2% porosity ( 
low end of the measured range) is  for a then the pore space of the sample, and the 
maximum volume imbibition is 0.26 mL, which is well below the normal measurement 
range for traditional imbibition cells.   
The motivation for the following paper was to establish and evaluate a procedure 
for Gravimetric Spontaneous Imbibition for preserved shale samples using Archimedes 
principle. While using Archimedes principal to measure the relative weight change in a 
porous media is not a novel concept, it has not yet been applied to shale in the attempt to 
measure both the volume of fluid displaced due to spontaneous imbibition to the relative 
increase in volume of the shale sample due to swelling. The surfactant formulations and 
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concentrations used in the following paper are not part of the scope of this experimental 
investigation, as the research sponsor provided the formulation and concentrations of the 
surfactants. The primary objective of this thesis was to evaluate the use of a gravimetric 
method for measuring both the rate and magnitude of spontaneous imbibition and 
swelling due to fluid exposure. 
1.5 REVIEW OF CHAPTERS 
Chapter Two of this thesis contains a background and literature review of shale 
petrophysical properties, wettability and imbibition.. 
Chapter Three covers the experimental setup and all experimental procedures 
followed used in the gravimetric spontaneous imbibition experiments.  
Chapter Four presents the fundamental equations behind the gravimetric 
spontaneous imbibition. 
 Chapter Five presents a number of metrics upon which to examine if the results 
of a shale results of the experiment are valid and examines the results of the measurement 
of gravimetric imbibition. 
Chapter Six presents a summary of results and primary conclusions based upon 
the research and suggestions for future work to expand upon this research. 
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Chapter 2: Background and Literature Review 
2.1 Introduction 
Both general petrophysical properties and the petrophysical properties specific to 
organic rich shale must be understood before an appreciation of the experimental setup 
and design of gravimetric spontaneous imbibition can be had. In the following chapter the 
following properties of shale will be examined: geological background, mineralogy, 
native shale water activity, are discussed in the following section as well as previous 
work on the subject. Additionally an overview of the concept of wettability and its 
measurement, spontaneous imbibition, and the properties that affect spontaneous 
imbibition will be covered and the previous work of these concepts with a focus on 
imbibition in shale will be briefly reviewed.  
2.2 ORGANIC RICH SHALE BACKGROUND AND PHYSICAL PROPERTIES  
Two organic rich shale formations were examined in this paper, the Bakken and 
the Utica. The geologic background, the mineralogy shown in table 2.1 and are both quite 
different from each other, though both the Utica and Bakken are organic-rich shale 
formations.  
The Devonian and Mississippian Bakken cover an area of 24,600,000 acres and 
are located in the Williston Basin of North Dakota and Montana. The current estimate of 
technically recoverable hydrocarbons in the Bakken are 7.383 billion barrels of oil, 6,726 
billion cubic feet of gas and 527 million barrels of natural gas liquids (Gaswirth, 2013).  
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Though the Bakken shale formation is commonly referred to as a single unit, it 
consists of four separate members:  the Pronghorn Member, the lower Bakken member, 
middle Bakken member, the upper Bakken member. The Bakken formation has bottom 
hole temperatures ranging between 90 and 120 degrees centigrade with relatively high 
salinity that ranges from 150 to 300 g/L (Wang et al., 2012). 
 
 Figure 2.1: Cross section of formations in Bakken (West et al., 2013)  
The Ordovian Utica is a black organic rich shale formation that found at depths 
that spans the hydrocarbon maturation window covering a geographic area of 46,600,000 
acres ranging from western Pennsylvania to eastern Ohio (Kischbaum et al, 2012).  The 
Utica lies atop the Point Pleasant formation, which is an interbedded limestone and 
calcareous shale. The Utica has a significant amount of organic content, while in other 
areas the Point Pleasant formation is the better target formation due to its higher organic 
content and porosity (Warner et al., 2013).  
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Figure 2.2: Utica Shale Extent and TOC (Warner et al., 2013) 
However the Utica, was the focus of the experimental investigation in this paper. 
The Utica shale is the primary source rock in the petroleum system with a TOC 
commonly higher than 1% with selected a oil “sweet spot” with a higher TOC of 2-3% 
seen above in figure 2.2. The Utica is up to 700 feet thick in some areas and 150-350 feet 
thick on averages.  Though limited production data exists for the Utica, the USGS has 
estimated that there are 940 million barrels of oil, 38.2 trillion cubic feet of gas and 208 
million barrels of natural gas liquids technically recoverable. The oil window of the Utica 
Shale is only 15,000,000 acres and sweet spot for production (Warner et al., 2013). 
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2.2.1 Mineralogy of Resource Shale 
 
Figure 2.3: Compositional diagram for understanding resource shale mineralogy 
ternary diagrams (Loucks, 2012) 
As previously mentioned, the mineralogy of organic-rich shale spans a wide range 
between types resource shales (figure 1.1 and table 2.1), and within the same formation 
(figure 2.4 and figure 2.5).  The classical definition of shale is “A laminated, indurated 
rock with greater than 67% clay-sized minerals” (Neuendorf, 2005); however, productive 
hydrocarbon bearing resource shales are often greater than 50% carbonate or quartz by 
weight and less than 50% clay by weight. Resource shales are more brittle and respond 
better to hydraulic fracturing and other current well stimulation techniques, a guid to 
understanding the ternary mineral plots can be found in figure 2.3 (Gamero-Diaz, 2013 
and Passey, 2010).  
 17 
 
Figure 2.4: Mineralogy of the Barnett and Eagleford shale gas reservoirs (Passey, 
2010) 
 
Figure 2.5: Mineralogy of the Utica shale (after Harper, 2011 and Nyahay, 2011) 
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Quartz (SiO2) 9 11 52 31 31 31 
Plagioclase Feldspar 1 3 7 4 7 7 
Potassium Feldspar  nd 7 nd nd 1 
Calcite 
(CaCO3) 85 48 8 6 2 34 
Fe-Dolomite (Ca[Fe,Mg] 
[CO3]2)  7 8 nd 2 nd 
Dolomite 
(CaMg[CO3]2) tr nd 8 3 nd 1 
Siderite (FeCO3) nd nd nd nd nd nd 
Apatite [Ca5(PO4)3F] nd nd nd nd nd 1 
Pyrite 
(FeS2) tr 1 tr 5 3 3 
Marcasite (FeS2) nd nd 1 nd nd nd 
Chlorite nd 2 1 5 4 tr 
Kaolinite tr nd nd nd nd nd 
Mica and/or Illite nd 28 8 43 51 22 
Mixed-Layer Illite85 / 
Smectite15 4 nd nd nd nd nd 
C-rich material nd nd nd 3 nd nd 
TOTALS 100% 100% 100% 100% 100% 100% 
 
The high lateral heterogeneity in resource shale (figures 2.4 and 2.5) as the 
mineral composition of the resource shale reservoirs cover nearly the entire 
compositional range of shale. While the Barnet and Eagleford resource shale are not 
examined in this paper, highly variable mineralogy within a single reservoir shale 
reservoir is property all resource shales share. The scale of the vertical and horizontal 
heterogeneity of mineralogy can varies between different resource shales (Boyer, 2006). 
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The scale of vertical heterogeneity can be seen in figure 2.6 The lateral and vertical 
heterogeneity within a resource shale reservoir is due to the depositional environment of 
the resource shale, it's stacking patterns and can be related to sequence stratigraphic 
framework (Macquaker et al., 2003, Passey, 2010). 
 
Figure 2.6: Change in cumulative composition as a function of depth measured by 
XRD of a single well. (after Sondergeld, 2010). 
Mineralogy can be measured using a number of techniques including but not 
limited to optical microscopy, and forms of electron microscopy (Ruppel, 2012), XRD 
remains the most common measurement of mineralogy. XRD measurements are 
preformed by a directing an x-ray beam at onto the at a core sample, upon contact with 
the core sample the x-rays are scattered and diffracted by the various minerals and the 
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resulting pattern of reflection is caused by the crystal lattices of the minerals present in 
the sample. The diffraction of the x-ray beam can then be analyzed to infer the crystal 
lattices of the minerals present and the concentrations in the core sample (Hurlbut, 1998). 
Quartz and calcite are easily detailed through XRD but clays are not always easily 
detectible through with XRD as they are complex structures as seen below in figure 2.7 
and 2.8 (Srondon). The clay content of resource shale can be a good indicator of its 
productivity as it can dictate the response to well stimulation treatments such as hydraulic 
fracturing as well as its fluid sensitivity. Geologically clays are defined as particle size 
that is smaller than 4 microns or (Neuendorf, 2005).  
 
Figure 2.7: Crystal structure of smectite (after Passey, 2010) 
All clays have ah hydroxyls as part of their crystalline structure as shown in figure 
2.7. The most common clays in the subsurface are chlorite, illite, kaolinite, 
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montmorillonite, smectite and mixed layer illite-smectite. Four of these common clays 
are presented in Figure 2.8. Clays can cause formation damage and production issues in 
two ways: their small size plugs up pore throats and reduces permeability, and swelling 
from fluid exposure. All clays are susceptible to swelling when exposed to solutions 
containing water. The magnitude of clay swelling due to exposure to an aqueous solution 
is primarily dependent upon the solution to which the clay comes in contact (Zhou, 
1995).   
 
Figure 2.8: Common clay minerals found in organic rich shales (Passey, 2010) 
Most siliciclastic grains are water-wet, which implies that there is a very thin 
layer or double layer of water in contact with the grains surface. In traditional porous 
media this volume of surface water is trivial compared to the total pore volume of the 
rock, however as porosity and the size of the pores and decrease the ratio between the 
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surface water increases. The surface area of the clays is orders of magnitude larger than 
quartz as seen in table 2.2.  
Table 2.2: Surface area of common clay minerals (and fine grain sandstone) (Passey, 
2010) 
Clay Type Internal Surface Area (m2/g) 
External Surface 
Area (m2/g) 
Total Surface Area 
(m2/g) 
Smectite 750 50 800 
Illite 0 30 30 
Chlorite 0 15 15 
Kaolinite 0 15 15 
Fine Quartz Sand 0 0.02 0.02 
 
 
Figure 2.9: Illustration of adsorbed clay surface and double-layer water on surface of 
clays, and schematics, and SEM images of kaolinite and smectite illustrating surface 
areas. (after Passey, 2010) 
In clay rich formations such as resource shales, the single or double layer surface 
clay water can be a significant portion of physical pore volume, though this volume is not 
considered by all to be part of the total porosity system of a shale (Passey, 2010). There is 
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an associated internal surface area that can adsorb water in smectite and montmorillonite; 
seen in figure 2.9. The ions in the aqueous solutions can also cause both crystalline 
swelling and osmotic swelling of the shale (Zhou, 1995 and 1997).  
Expansion of clays due to ion and water adsorption onto the electrically charged 
surface of the clay translates into expansion of the laminated layers of shale, and 
consequently alters its physical volume (van Olfen, 1953). As little as a 3% weight gain 
due to adsorption of fresh water can change physical properties significantly, Chenevert 
(1970) demonstrated a decrease in compressive yield strength by nearly 70% with only 
20% by weight shown below in figure 2.10. 
 
Figure 2.10: Change in yield strength due fluid exposure (Chenevert, 1970) 
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2.2.2 Native Shale Water Activity and Swelling 
The preservation of shale is one of the most fundamental components of quality 
shale research. Over the previous 50 years a great deal of research has been performed on 
non-oil bearing shales with regards to fluid sensitivity. It has been shown by Chenevert 
(1970; 1992; 2001) that unpreserved shale does not have the same mechanical and 
chemical properties as preserved shale as previously mentioned.  
In the preservation of shale, maintaining the native state water content is 
fundamental. The water activity (aw) of a shale is on of the most fundamental properties 
when it comes to shale preservation and is the ratio of the vapor pressure of a fluid or a 
fluid-solid system to that of pure water at the same temperature. Water activity is directly 
related relative humidity but is expressed as a unitless ratio rather than a percentage. If 
shale is not stored in an atmosphere with the same water activity, the shale either adsorbs 
or loses water depending if  the water activity is higher or lower than its own. Water 
activity can also be converted to a measure of salinity of aqueous solutions, though it is 
temperature dependent (Chenevert, 1975). Pure water has an activity of one and the 
activity of the solution decreases as the ion concentration increases.  
Considering the fluid sensitivity of shale is paramount when preserved sidewall 
core samples are taking from an organic-rich shale formation. Shale samples are taken 
using oil based mud to minimize fluid interaction and immediately sealed at the surface. 
While exposure to the oil based may contaminate the core it cannot be avoided. If the 
core sample is received unopened and still sealed it is considered well preserved.  
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Table 2.3: Super saturated Salt Solutions and Corresponding Water Activities 
(Winston, 1960).  
Salt aw Salt aw 
K2Cr2O7 0.98 (NH4)2SO4 0.80 
KH2PO4 0.96 NaCl 0.75 
Na Tartrate 0.92 Ca(NO3)2 0.505 
MgSO4 0.90 MgCl2*6H2O 0.33 
KCl 0.85 ZnCl2 0.10 
 
 
Figure 2.11: Shale samples stored in constant humidity desiccators (Jung, 2013) 
Once a preserved core sample is received from the field, it is carefully unsealed 
and small pieces are cut and placed in different desiccators under vacuum at differing 
relative humidity as shown in figure 2.11. The supersaturated salt solutions used in the 
desiccators create a constant relative humidity or water activities under a vacuum and the 
solutions and activities are shown in table 2.3 (Winston, 1960).  
The relative weight change of each shale sample in its respective desiccator is 
monitored and recorded once the value stabilizes. This relative weight change is then 
plotted against relative humidity as seen in figure 2.12. The intersection of the weight 
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change and water activity is equal to the organic rich shales native water activity. Shale 
samples can be sored safely without fear of property change, as additional hydration will 
not occur either in the appropriate water activity desiccator or immersed in mineral oil in 
a sealed opaque vessel (Chenevert, 2001).  
 
 
Figure 2.12: Water activity measurement of Eagleford Shale (Jung, 2013) 
2.2.3 Porosity, Permeability and Saturation 
Organic-rich mudrocks or resource shales have a pore space composed of 
nanometer to micrometer sized pores. The shale has a four of different types of porosity 
contributing to the total value: interparticle porosity (intraP), intraparticle porosity 
(interP), organic porosity (OM), and fracture porosity (Loucks, 2012). InterP and intraP 
porosities are associated with the matrix. InterP porosity and intraP porosity are defined 
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as “pores found within the particles and pores found between particles and crystals” 
respectively (Loucks, 2012). The different types of porosity all contribute to the total or 
absolute porosity in differing fractions, but may not all contribute to the effective 
porosity. An accurate value of porosity is very important for measuring the relative 
amount of imbibition and for accurate estimations of reserves however, obtaining such an 
accurate value is a non-trivial task for organic-rich resource shale. The following section 
will discuss some of the most commonly used methods of measuring the porosity and 
permeability of organic rich and the various factors that affect the measured porosity and 
permeability values.  
Laboratory measurements for porosity and permeability of organic rich shale are 
extremely important to correlate against the log-based values measured in the field and 
establish a realistic reservoir model. A reservoir model allows for the estimation of 
reserves and estimated ultimate recovery. Many laboratory measurements of porosity and 
permeability values rely upon crushing the shale sample using the Gas Research Institute 
(GRI) method.  
The GRI method of measuring resource shale, first introduced by Luffel et al. 
(1992) is the current industry standard for measuring porosity. This method involves 
crushing shale sample from a core and sieving the samples to a standard size (Luffel, 
1992), allowing for faster measurements for both porosity and saturation over 
conventional measurement techniques. The crushing and physical modification of the 
core is likely introducing an unknown amount of error into porosity, permeability, 
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saturation measurement or any petrophysical measurement relying upon the GRI method. 
Though GRI is supported by proven uncertainty associated with traditional porosity 
measurement techniques applied to organic-rich shale (Spears, 2009). 
 
Figure 2.13: Plot of whole core helium porosity vs. GRI porosity (after Spears 
et al., 2011) 
Petrophysical measurements that rely upon crushing resource shale samples are a 
considerable source of debate.  As the crushing and sieving process of the shale does not 
guarantee the native distribution of both pore size or the distribution of the micro-facies 
within the rock will be equivalent to the crushed sample (Spears, 2011).  Additionally, 
there is a well-documented difference in the measurement porosity using the GRI method 
between different laboratories as seen in figure 2.13 (Passey, 2010; Spears, 2011). While 
Spears and his collages (2011) were able to develop a method to correlate measurements 
of porosity between different laboratories using a correlation based upon the clay bound 
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water, the error introduced through the crushing of resource shale samples is still not well 
known. 
In conventional rocks permeability measurements are made using steady state or 
pulse decay methods on plug samples under reservoir stress. Similar methods have been 
used with relative success in low permeability rocks (Yang, 2009). Often with organic-
rich shales permeability is measured using a method similar to the GRI method (Guidry, 
1996; Luffel, 1992). The permeability of the rock matrix is measured by first crushing 
and sieving the shale as described previously, and a pressure decay test is preformed 
upon the crushed sample. Much like the porosity measurements, permeably is not 
measured under reservoir conditions, nor is there is there high agreement of the 
permeability measurements as they can vary by up to 300% between laboratories 
(Sondergeld, 2010). 
Another technique used to measure permeability on preserved shales is preformed 
at the University of Texas at Austin, is the pressure penetration test or PPT (Al-Bazali, 
2005).  In this test a fluid, often brine, is flowed across the surface of a shale sample at a 
constant pressure and the buildup of pressure on the bottom of the sample that is 
connected to a sealed chamber of known volume is monitored. This measurement 
provides significantly different values than a crushed rock sample and can be preformed 
upon on intact preserved shale samples.  
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Figure 2.14: Relationship between preservation and measured porosity (after 
Passey, 2010) 
 
Figure 2.15: Relationship between TOC (Total organic content weight %) and 
measured porosity (after Passey, 2010) 
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Shale preservation has an significant impact upon the results of petrophysical 
measurements such as porosity and permeability (Passey, 2010; Spears, 2011; Jung, 
2013; Zhou 2013). As seen in figure 2.14, the porosity values measured for preserved and 
unpreserved shales do not agree. Additionally it has been shown by Jung (2013), that 
permeability measurements made using the PPT by up to 300% when comparing 
preserved and unpreserved cores of organic rich shale (Jung, 2013). 
There is a positive correlation between porosity and TOC  (Passey, 2010 and 
2012) as shown above in figure 2.15. This positive correlation is due to both the total 
organic content’s association with the depositional environment, and the generation of 
organic pores (OM) during hydrocarbon maturation.  
 
Figure 2.16: Evolution of 5% TOC to 20% porosity when all organic matter is 
converted to pores. (Passey, 2010) 
As the organic material matures into hydrocarbon in the oil window, new pores 
are formed through the expulsion of maturing hydrocarbons out of the space the organic 
material once occupied (Sarg, 2012). These pores are often considered oil-wet. Figure 
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2.16 demonstrates a specialized case of this process where all of the organic matter, 
matures into hydrocarbons creating organic pores. 
The typical literature values for porosities of the shale formations examined in 
this paper (Bakken and Utica shale) are between 2% to 12% with an average 5% for the 
Utica (Murphy et al., 2013), and between 1% and 16% with an average of 9% for Bakken 
(Wang et al, 2012). Though the method of measurement for any of these values is not 
known so there is an unknown amount of error.  
Often with organic rich shale, the effective porosity is much lower than the 
measured porosity due to clay bound water, irreducible water, and organic matter shown 
in figure 2.17 (Passey et al., 2010). The effective pore space by definition is sum of all 
interconnected pore space that contains mobile water, capillary bound water, or 
hydrocarbons, where as the total pore space also includes clay bound water. 
In conventional reservoir rock, the effective pore volume is not significantly 
affected by clay bound water as the relative volume of clay minerals to non-clay minerals 
is very low, but as the relative volume of clays increase so does the volume of clay bound 
water. As discussed previously, the clay bound water is divided into two categories: 
internal or structural clay bound water and external or surface bound clay water.  
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Figure 2.17: Schematic of organic rich and clay rich shale with water and 
hydrocarbons (Passey, 2010) 
The structural or internal clay bound water both does not significantly affect the 
physical volume effective porosity significantly as long as significant swelling does not 
occur. The single or bilayer bound to the surface of the clays can significantly impact the 
effective porosity, as the pores in organic rich shale are extremely small, so the relative 
volume occupied by clay bound water is much larger than in conventional rocks (Passey, 
2012). 
The relative hydrocarbon saturation has been linked to the TOC of organic-rich 
shales and is a proven indicator of hydrocarbon saturation in resource shales (Passey, 
2010 and 2012). Though a measure of TOC does correlate to an accurate measure of the 
relative volumes the fluid contained within the pore space of the shale.  
Traditionally, saturation is measured through retorting a sample. In a retort 
measurement, a saturated rock is heated to temperatures ranging from 100 to 850 degrees 
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Celsius at discrete temperature steps.  The vapor formed through this process is 
condensed and measured at each temperature step. From this measurement and the use of 
a correction curve, the saturation of the core sample can be measured. The relative 
volumes of clay bound water and inter-crystalline clay water also can be determined 
depending upon the temperature range chosen.  
Porosity and saturation of resource shale can also be measured indirectly through 
the use of nuclear magnetic resonance or NMR techniques, as described in Borysenko 
(2009). Borysenko (2009) made use of the techniques developed by Hirasaki (2000) and 
Toumelin (2004). Nuclear magnetic resonance measurements are made through exposing 
a core sample to electromagnetic radiation. The nuclei of the sample and fluids in the 
pore space adsorb the magnetic radiation and then remit the electronic magnetic 
radiation. By measuring the relaxation times of the remission of the magnetic fields, the 
porosity, types of fluids, and relative volumes of the fluids can be measured.  
NMR measurements, measure all of the fluids within a given sample, including 
the clay bound water. This can lead to errors in the measurement of porosity, as often the 
NMR measured porosities are not equivalent of the effective pore volume of the sample 
as previously discussed. Despite this flaw, NMR measurements are useful for not only 
measuring the porosity and saturation of shale samples, but can also be combined with 
experimental procedures as Borysenko (2009), Hiraskai (2000), and Tourmelin (2004) 
describe to measure the wettability of the sample, and quantify imbibition. The initial or 
final saturations of the samples used in the following paper were not measured. 
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2.3 WETTABILITY 
In the case of a porous media saturated with two more immiscible phases, the 
interaction of the immiscible phases, capillary forces and intermolecular forces between 
the fluids and the rock and the fluids often result in an observable affinity between a 
single fluid phase and the rock fabric of the porous media. This affinity, or observable 
preference of one phase to adhere to the surface of the rock is characterized by the 
concept of wettability. In the following section the concepts of wettability and 
spontaneous imbibition will be introduced and previous work on spontaneous imbibition 
in organic rich shales will be discussed. It is worth noting that though the technical 
definition of imbibition is dependent upon the wettability of the porous media. In the 
context of this paper any spontaneous water uptake by a porous media into the pore space 
will be considered imbibition. 
Wettability is defined as “the tendency of one fluid to spread on or adhere to a 
solid surface in the presence of other immiscible fluids” (Anderson, 1986a).  The most 
apparent and easily measurable of wettability is the interaction between a smooth surface 
of uniform chemical composition, and two immiscible phases at equilibrium. The 
equilibrium of the interfacial tensions of each phase results in an observable angle at the 
point where the two immiscible fluid phases and the surface intersect. This angle is 
known as the contact angle (θ), and by convention the contact angle is measured through 
the denser phase. Figure 2.18, illustrates three equilibrium contact angles in a oil-water-
solid system where the light grey rectangle is the solid, the oil phase is black and the 
 36 
water phase is present, but not illustrated. At equilibrium the interfacial tensions are 
related by the Young-Dupre equation shown in equation 2.1.  
 
Figure 2.18: Contact angle and interfacial tension equilibrium in a water-oil-
solid system (after Abdallah, 2007). 
  ..................................................................................... (2.1) 
where, 
 — Interfacial tension between the solid and oil, units of N/m. 
 — Interfacial tension between the solid and water, units of N/m. 
 — Interfacial tension between the oil and water, units of N/m. 
θ  — Contact angle between immiscible fluid phases and surface, units of 
degrees. 
Table 2.4: Relationship between contact angle and wettability (Anderson 1986b) 
Contact Angle Water-Wet Neutral-Wet Oil-Wet 
Mini
mum  0° 60° to 75° 105° to 120° 
Maximum  60° to 75° 105° to 120° 180° 
 





The concept of wettability is key in the production of hydrocarbons, as it has a 
strong influence on the flow and distribution of the oil and water in the reservoir 
(Morrow, 1990; Cuiec, 1991). Figure 2.19 illustrate the change in oil and water 
distribution in a porous media when the wetness is changed holding all other properties 
constant. In a water-wet rock, the oil has little contact with the surface of the rock, the oil 
remains in the center of the pores, and the reverse is true in the case of an oil-wet rock 
seen on the far right. Mixed wettability is a blending of the oil-wet and water-wet cases, 
only oil is in contact with the grains at some points and only the water is in contact with 
the grains at others. 
 
Figure 2.19: Pore scale distribution of fluid in porous media with different 
wetness (after Abdallah, 2007) 
While the wettability of a uniform surface can easily be defined and measured, the 
quantification of wettability of a reservoir is a non-trivial problem. Wettability much like 
permeability and porosity while fundamental theory is elementary, when scaled up and 
applied porous media becomes extremely complex. There are many different ways to 
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measure the wettability of a core sample. Anderson (1986b) in his review of wettability 
reviewed several quantitative measurement techniques and their strengths and 
weaknesses. These quantitative experimental techniques are still use in today and are 
contact angle, Amott Index and the USBM method. Additionally, since Andersons’s 
review in 1986 a number of other techniques have been developed to qualitatively 
measure wettability including spontaneous imbibition and NMR techniques as discussed 
previously and used by Borysenko (2009), Basu and Sharma (1993), Hirasaki (2000) and 
Toumelin (2004). 
2.3.1 Spontaneous Imbibition 
Spontaneous imbibition occurs when a wetting fluid imbibes into the core, 
displacing an immiscible non-wetting fluid illustrated in figure 2.22 and occurs due to 
capillary pressure and/or gravity. Capillary pressure is a function of contact angle and 
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where, 
—Capillary pressure, units of Pa. 
—Interfacial tension, units of N/m. 
—Contact angle, unites of degrees. 







Figure 2.20: Pore scale visualization of oil displacement due to imbibition with 
inlet and outlet boundaries marked with dashed lines. (after Al-Menjeni, 2011). 
Spontaneous imbibition can be classified into two major categories: cocurrent and 
countercurrent imbibition illustrated in figure 2.20 where the dashed green lines are the 
outlets and the dashed blue lines are the outlets. Cocurrent imbibition occurs when there 
is a predominate direction of travel of the imbibition in the sample, and is analogous to a 
water flood. In 1-D cocurrent imbibition, one boundary of the rock sample functions as 
an inlet and is exposed to the wetting fluid, and the oil is displaced at the outlet boundary 
directly opposite to the inlet. Countercurrent imbibition is analogous to the displacement 
of oil that occurs in highly fractured reservoirs, and where the same boundary of the rock 
serves as both the inlet and the outlet. Countercurrent imbibition can be measured in 1-D, 
2-D or 3D, depending upon the number of boundaries open to imbibition. 3-D 
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countercurrent imbibition (where all surfaces of a sample are boundaries for imbibition) 
is studied in the following chapters.  
There are a number of parameters that influence the rate and volume of imbibition 
which include but are not limited to: permeability, heterogeneity, initial water saturation, 
fluid density and viscosity, interfacial tension and as previously mentioned the boundary 
conditions. As imbibition is a function of capillary pressure which in turn is a function of 
wettability, as the wettability of a sample increases so does its rate of imbibition (Zhou, 
2000). While this logic follows theoretically it is difficult to experimentally link capillary 
pressure of a homogenous sample to ones formed over geologic time due to the sheer 
quantity of heterogeneity (Harmon, 1986). 
Permeability has notable effects upon spontaneous imbibition. The permeability 
of the core is directly related to the rate of imbibition, and as would be expected, higher 
rates of imbibition occur in cores with higher permeability (Mattax, 1962).  Additionally, 
while imbibition has been known to be an important recovery mechanism in low 
permeability reservoirs, Cuiec (1994) demonstrated the efficiency and speed at which 
spontaneous imbibition can function as a recovery mechanism in strongly water wet 
cores.  
The fluids involved in the process of spontaneous imbibition also have a notable 
effect upon the rate and total volume of displacement. The fluids that interact in 
spontaneous imbibition are the saturating fluids within the core sample, which include 
oil, brine and occasionally gas and the fluid being imbibed. The rate of imbibition is 
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effected by the by the respective densities and viscosities of both the saturation fluids and 
the imbibition, and specifically the relationship between the density and viscosities of the 
immiscible fluids (Ma, 1996; Zhou 2002). The chemical composition of the imbibition 
fluid can also significantly impact the imbibition (Iffy 1972).  
The interfacial tensions (IFT) between the various fluids involved in spontaneous 
imbibition also affects the rate of imbibition. When the oil-water IFT is reduced, the rate 
of imbibition decreases significantly, as this IFT is part of the drive mechanism of 
spontaneous imbibition (Austad, 1997). The wettability of the rock, can be altered 
through the use of surfactants in the imbibition fluid (Austad, 2000) 
Finally the boundary conditions as alluded to earlier effect the rate of imbibition, 
as the surface area open to imbibition fluids is related to the rate of imbibition (Cil, 
1998). Additionally the surface condition or wettability of the grains is a controlling 
factor in imbibition as described by the scaling factor introduced by Ma (1996) in 
equation 2.3. Where, !tD  is dimensionless time, t is the actual time of imbibition, ϕ  is 
porosity, k is permeability, σ  is the interfacial tension, !µw is the viscosity of the 
displacing fluid, !µo is the viscosity of the displaced fluid, and !Lc is the characteristic 
length. !Lc  is equal to equation 2.4 in the case of a cylindrical core, where d is the 
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2.3.2 Spontaneous Imbibition in Shale and Archimedes Method 
Conventional spontaneous imbibition measurements are made with an imbibition 
cell, which is a sealed glass vessel that has space for a core at one end and a form of 
graduated cylinder at the other to measure the volume of displaced fluid. This 
measurement technique works well with samples of where the total pore fluid 
displacement is on the order of several milliliters or more. This measurement method is 
not ideal in shale due to its inability to account for the swelling of the shale sample, and 
due to the typical volume of preserved shale used in petrophysical measurements. The 
bulk volume of preserved organic-rich shale used in petrophysical measurments is 
usually less 16 mL. This bulk volume used for characterization is an order of magnitude 
lower than the sample size used in an imbibition cell. The total volume of fluid displaced 
from a typical bulk volume of organic-rich shale for petrophysical measurement is on the 
order of tenths of a milliliter which is far to small to be ideal for use in imbibition cells.  
Archimedes principle states that the measured loss in weight of a sample 
immersed in a fluid is equal to the weight of the fluid that the sample displaces. As long 
as the volume of the sample remains constant during the measurement of the relative 
weight change, the weight change of a sample immersed in fluid is equal to the weight 
change of the sample in air.  
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Archimedes principle has been used over 60 years in the measurement the bulk 
volume of samples (Lewelling, 1952), but it has also been adapted to measure 
countercurrent spontaneous imbibition (Cil, 1998; Wang 2010 and 2012). There are two 
possible ways to measure spontaneous imbibition, the volume of fluid displaced, and the 
relative weight gain or loss in the sample due to the difference in the densities of the fluid 
saturating the core and the imbibition fluid (Cil, 1998; Wang 2010 and 2012). 
Spontaneous imbibition in organic-rich shale is still not well understood and is 
still being researched and as a result a significant amount experimental literature does not 
yet exist. Though swelling and water adsorption of clay rich shale has been researched 
for many years. At the time of this research, Elijah (2011), Sulucarnian (2012), Morsy 
(2013), Wang (2011 and 2012), and Zhang (2013) have investigated spontaneous 
imbibition and wettability in organic rich shale. 
Overall the wettability of organic rich shales have been found to be oil-wet to 
mixed-wet using both traditional techniques such as spontaneous imbibition and the 
Ammot-Harvey index and NMR techniques (Elijah,2011 ;Sulucarnian, 2012; Wang 2011 
and 2012). 
Wang (2011 and 2012) has studied the flow rate behavior and imbibition in 
Bakken and Pierre shale. Wang (2011 and 2012) performed imbibition experiments  
using the Archimedes method as well as modified Ammott-Harvey tests. Spontaneous 
imbibition was enhanced using through wettability modification of the rock by 
surfactants by 6 to 10.2% over only brine imbibition. The overall recovery of the oil in 
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place ranged from 15.6 to 25.4%. Though the Archimedes method was used, they did not 
measure the air weight, and as such the amount of swelling is unknown. 
The overall results of Wang’s research show that imbibition in shale is 
measurable and is a highly promising method of EOR for organic-rich shale rocks and 
this claim is supported by both Takahashi (2009) and Morsy (2013) though Morsy 
investigated the use of alkali rather than surfactants. However, all the results neglect the 
effects of swelling in regards specifically to shale and or the resulting condition of the 
internal stresses of the organic-rich shale due to fluid exposure. This will lead to a 




Chapter 3 – Experimental Design and Procedure 
3.1 EXPERIMENTAL SETUP: 
The gravimetric spontaneous imbibition experimental setup was designed to 
measure the small changes in mass as imbibition occurs within a shale sample. The 
volumes of oil and water moving are very small in shales, and as a result a novel method 
was needed in order to minimize the error in these measurements. The total amount of 
preserved shale used in the experiments also needs to be reasonable, as obtaining and 
preserving shale samples is both expensive and time-consuming. In the ideal case of a 1-
inch diameter by 1-inch long core plug with a 5% effective porosity and a 100% oil 
saturation, the maximum amount of oil that could be measured would be on the order of 
0.64 milliliters. This is far below the resolution of standard imbibition cells. Using more 
shale would not only minimize the total number of tests that one could perform (as the 
preserved shale supply is limited) but would also slow the results of the experiments as 
any imbibition based process is a function of the surface area exposed to volume. 
Because of the limitations of traditional imbibition experimental methods, a novel 
method was required. If the volumes of the oil and water are not accurately measurable, 
then it is possible to measure the mass change of the sample. However, measuring the 
mass of a sample in a fluid is a non-trivial problem. The experimental setup is designed 
to minimize as many variables with regards to this problem. The gravimetric spontaneous 
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imbibition experimental setup can be broken into two discrete subgroups of components: 
the measurement module and the imbibition assembly.  
 
 
Figure 3.1 - Gravimetric Spontaneous Imbibition Setup. 
3.11 Measurement module 
The measurement module contains the following components: a bottom loading 
balance elevated on an enclosed frame, a lab-jack, and an ultrasonic cleaner as seen 
above in Figure 3.1. 
The balance is a Sartorius Cubis MSA with a maximum capacity of 220 grams 
and a gradation of 0.0001 grams ± 0.00005 grams. The balance can be setup in both top- 
and bottom-loading configurations. A top-loading balance is used in the traditional 
method, where the sample is placed in the glass isolation chamber and weighed on the 
 47 
weighing platform. Bottom-loading balances measure the weight of suspended samples 
on a hook on the base of the balance. In this setup, the balance is on an 80/20 frame with 
clear polycarbonate panels magnetically attached to all sides to minimize weighing errors 
caused by air movement around the sample. The balance is set atop a 36 kg granite slab 
in which a 1-inch hole has been bored to allow the bottom-loading sample hook to pass 
through. This granite slab is merely a large mass to provide some inertia-based shock 
insulation from the surrounding workstation. The balance is also used to measure fluid 
densities when paired with the Sartorius density kit, which can be seen below in Figure 
3.2. The Sartorius density kit includes a 10-milliliter argon glass pendulum, which allows 
for the measurement of densities with an accuracy of 0.001 grams per milliliter ± 0.0005 
grams per milliliter. 
 
Figure 3.2 - Sartorius liquid density kit. 
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To change the relative height of the shale sample in relation of the imbibition 
fluid being tested, a lab-jack is used to raise and lower the imbibition vessel. This allows 
a precise measurement of the sample’s weight in fluid and in air. The lab-jack is a 
Fisherbrand lab-jack, with a 12-inch by 12-inch platform and a 6 to 20 inch vertical lift.  
Finally, an ultrasonic cleaner is very important in the measurement assembly if 
visible oil droplets form on the surface of the shale sample during spontaneous 
imbibition. In order to ensure an accurate weight measurement in the fluid, the surface oil 
droplets must be minimized or removed. The ultrasonic cleaner does this efficiently and 
with minimal fines generation. This ultrasonic cleaner is somewhat unique in that it 
allows the user to control the heat of the fluid in the cleaner and the cleaning action 
independently. The cleaner can be heated to a maximum of 80 degrees centigrade and the 
user-set timer controls duration of the cleaning function. 
3.1.2 Imbibition assembly  
The imbibition assembly is made up of an oven for temperature control and the 
individual imbibition vessels. Spontaneous imbibition occurs in the imbibition vessel and 
contains the shale sample being tested, and the fluid being tested. The imbibition vessels 
are stored in the oven to control the temperature at which imbibition occurs.  
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Figure 3.3 - Imbibition vessel covered and uncovered. 
Multiple fluid and shale samples can be tested at the same time with this 
experimental design simply by using as many imbibition vessels as needed. Each 
imbibition vessel consists of a covered beaker, which contains the shale sample, the fluid 
being tested, and a monofilament line attached to the sample with a loop at the opposite 
end to allow for measurement. The beaker may be covered with aluminum foil to 
minimize fluid loss due to evaporation in the oven. The monofilament line is a 0.016-inch 
diameter nylon line. A loop at the end of the line allows for easy attachment to the 
weighing hook on the balance and the opposite end of the line is secured around the 
sample. Both the fluid and the shale samples in the vessel vary depending upon what is 
being studied.   
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Figure 3.4 - Imbibition oven containing imbibition vessels 
A Fisherbrand oven is used for thermal control and isolation. The oven is an 
important component, but for the purposes of this thesis, all tests were performed at room 
temperature to confirm the novel experimental method.    
3.2 EXPERIMENTAL SETUP PREPARATION  
3.2.1 Shale sample preparation  
After a preserved core sample is received from an industry supplier in the form of 
preserved plugs (1-inch or 1.5-inch diameter and half an inch to 3 inches long) or a whole 
core (4 inches in diameter and approximately 10 inches long where one side may or may 
not be slabbed to examine bedding planes). The samples for the gravimetric spontaneous 
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imbibition must be prepared. If the core is well preserved, then it is wrapped in aluminum 
foil and wax to maintain the native state humidity of the shale minimizing dehydration of 
the sample during transport and storage. 
The core received is then stored in at room temperature in sealed boxes as 
received until gravimetric spontaneous samples need to be prepared.  
If a whole preserved core is received, first the foil and wax are removed, then 1-
inch core plugs are cut in the direction of the bedding planes using a mineral oil-cooled 
drill press with a 1-inch diamond coring bit. If a preserved plug is received from the 
industry supplier, then the foil and wax are removed as with the whole core. Once these 
core plugs are cut or the foil and wax are removed from a preserved core plug, the sample 
is cut using a mineral oil-cooled saw into the appropriate thickness for the gravimetric 
imbibition testing experiment, a length ranging from one quarter of an inch to 1 inch. 
This process is repeated until the total number of samples required is prepared. These 
samples are then stored in a paint can filled with mineral oil and sealed to maintain the 
humidity of the sample, while the rest of the procedure is completed. 
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Figure 3.5- Knot tying jig 
The monofilament lines are tied using a custom jig. The lines have a total length 
of approximately 8-inches. To create a line to secure around the sample, first a overhand 
loop is tied and secured around the bolt in the jig as seen in Figure 3.5, then the line is cut 
to a length of approximately 14-inches and an two half hitches are tied around the 1-inch 
diameter polycarbonate jig. A picture guide to the knot tying process can be found in 
Appendix (LINK). The working end of the overhand loop is trimmed to approximately 
2mm and the line is then slipped off the jig and placed aside. This procedure is repeated 
for however many imbibition vessels need to be prepared and can be seen in Figure 3.6.  
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Figure 3.6 – Monofilament line with overhand loop on right and two half hitches on 
left 
When all other components of the imbibition vessel are prepared, the shale 
sample is removed from the mineral oil and its length and diameter are measured and 
recorded three times for each dimension. The shale sample is then rinsed with hexanes to 
remove the surface mineral oil. The hexanes are allowed to evaporate and the mass of the 
sample is recorded three times.   
After the samples are weighed and measured, the monofilament lines are attached 
to the two half hitch loop and the working end of the half hitches is trimmed to ~2 mm. 
The mass of the shale sample and monofilament line combined is then recorded three 
times. The shale samples with monofilament lines attached are then ready to be placed 
into the imbibition vessels and perform the initial fluid measurements as seen below in 
Figure 3.7. This process is repeated for each shale sample that is to be tested. 
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Figure 3.7 - Sample attached to monofilament line 
3.2.2 Measurement module preparation 
Before any imbibition measurements can be made, the measurement module must 
be prepared. If the experiment is going to be carried out at a temperature higher than 
ambient conditions then the oven must be set. The oven has a simple temperature control 
by means of a graded knob. To maintain a constant temperature, several large pieces of 
steel and sandstone were placed in the oven as thermal mass to help maintain a constant 
temperature in the oven even when the door is opened and closed during the experiment. 
The oven’s temperature is set, monitored and adjusted until is it is the correct value using 
thermocouples, before any imbibition vessels were placed inside. The ultrasonic cleaner 
is used selectively only in the case of oil droplets attached to the surface of the shale 
sample. To use the ultrasonic cleaner, the unit is plugged in, turned on, and allowed to 
heat to the appropriate temperature. Once the unit is at the appropriate heat an imbibition 
vessel is placed inside and the cleaning function is activated. The imbibition vessel is 
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then removed and inspected every 30 seconds until the surface oil droplets are no longer 
visible.   
3.2.3 Imbibition vessel preparation 
The imbibition preparation can be broken into several discrete steps: equipment 
cleaning, fluid analysis and preparation, primary fluid and sample measurements and 
oven temperature calibration. 
All components of the imbibition vessel must be cleaned before the start of the 
experiment. The beakers are the only component of the experiment that are reused, and 
must be cleaned to prevent contamination and endure a good experiment. The beakers are 
all thoroughly washed using laboratory soap and rinsed using deionized water. After a 
thorough rinsing, the beakers are dried off using chem wipes and set aside to await 
assembly of the other components of the imbibition vessel.    
3.2.4 Imbibition fluid preparation 
The fluid being tested is as fundamental to the rate of imbibition as the shale 
sample. The concentration and types of ions in the fluid that are going to be investigated 
are provided by the industry sponsor, in the form of either an ion report or a field brine 
sample. To minimize effects from unknown chemicals in the field, artificial brine is used 
in the imbibition vessel. If the industry sponsor provides an ion report, then the artificial 
brine procedure is followed and the following field brine preparation procedure is 
skipped.  
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The field brine is first unsealed, opened, and recovered, but not resealed. The 
unsealed field brine is placed in a fume hood for a period of 24 hours to ensure that any 
volatiles disperse. Once the volatiles have escaped, the field brine is vacuum filtered 
through a series progressively smaller of paper filters until it is passed through a 0.22-
micron filter. The brine is then packaged and sent to an external lab for ion analysis.  
The artificial field brine is mixed to the correct ion concentrations using the 
research sponsor provided ion report or the external lab ion report. To prepare the 
artificial brine, a clean Erlenmeyer flask is weighed dry and then filled with an amount of 
deionized water so that the water weight is known. The appropriate amounts of ions are 
then added in their chloride form and the brine is then vacuum filtered through a 0.22-
micron paper filter to remove any particles. A beaker's dry weight is then recorded and 
approximately 200 milliliters of artificial brine is then poured into the beakers that will 
become the imbibition vessels.  
After the brine is poured into the appropriate number of beakers for the number of 
imbibition vessels needing to be assembled, various surfactants and combinations of 
surfactants at given concentrations are added to all beakers with the exception of one, 
which will be the artificial field brine control. The beakers are then labeled with the 
surfactant combination and type of brine that they contain. To ensure that the surfactant is 
thoroughly dissolved in the brine, the beakers are then placed upon a stir plate until the 
surfactant is completely dissolved. The imbibition vessels are ready for the addition of 
their respective samples after dissolution of the surfactant mixture is achieved.  
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It is important to experimentally determine the density of the fluids used in the 
imbibition vessels, so that the rate of imbibition can be calculated accurately. The 
Sartorius Cubis balance can measure the density of fluids when combined with Sartorius 
density kit. The user simply assembles the density kit inside of the balance on the top-
loading portion of the balance and hangs the 10-milliliter argon glass pendulum from the 
kit according to the included instructions. The user then selects the liquid density 
measurement program from the balance program menu and follows the instructions in the 
liquid density measurement program. The densities of all the brine and surfactant 
mixtures to be used in the experiment are then measured and recorded 3 times for each 
mixture.  
3.3 EXPERIMENTAL MEASUREMENT PROCEDURE 
3.3.1 Primary fluid measurements 
The shale sample is ready to be placed into the liquid of the imbibition vessel 
after the brine solution densities have been measured for each unique solution. The 
imbibition vessel is then placed on the lab-jack, and the shale sample is hung from the 
bottom-loading balance hook. The lab-jack is then raised until the suspended sample is 
completely covered by the brine. The lab-jack is adjusted until the fluid level of the 
imbibition vessel is even with the highest portion of the knot either the knot itself or the 
working end. The lab-jack control knob is then raised one-quarter turn more. The weight 
is then recorded and this process is repeated a total of 3 times. This measurement can also 
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be used to determine the volume of the sample more accurately than through the simple 
physical measurement using Archimedes principle.  
3.3.2 Routine Experimental procedure 
Once the primary measurements are made, the procedure becomes a routine 
process. Measurements are taken at the following time increments after primary exposure 
to the brine surfactant mixture: 2 hours, 12 hours, and then every 24 hours for 1 week. 
The processes can be broken into two measurements: air measurements and fluid 
measurements. Each measurement type is performed a total of three times. The 
imbibition vessel is removed from the oven, uncovered, and inspected for oil droplets on 
the surface of the shale sample. If there are no oil droplets present on the surface of the 
sample, the following step is bypassed. 
If oil droplets are present on the surface of the sample then the imbibition vessel 
is recovered and replaced in the oven and the ultrasonic cleaner is prepped for use. The 
ultrasonic cleaner is prepared and the procedure as described in the measurement module 
preparation procedure previously is followed, until the oil, droplets are removed.  
The surface oil droplet-free imbibition vessel is then placed upon the lab-jack and 
adjusted until the overhand loop can be attached to the bottom-loading balance hook. The 
lab-jack is then adjusted until the fluid level is even with the highest portion of the knot 
around the shale sample, either the knot itself or the working end. The lab-jack is then 
raised one-quarter turn more. The weight is then allowed to stabilize and then the 
measurement is taken and recorded. 
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 The lab-jack is then lowered with the shale sample still attached to the balance 
until the shale sample is hanging approximately 2 inches above the rim of the beaker. A 
prepared paper towel is then placed atop the rim of the beaker and the lab jack is then 
raised so that the shale sample rests atop the paper towel. The paper towel folding 
procedure can be found in the Appendix. The shale sample is allowed to rest for a total of 
15 seconds before it is lifted off the paper towel, the weight is allowed to stabilize for a 
total of 5 seconds, and then the mass is recorded. The paper towel is then removed and 
the shale sample is lowered into the fluid once more. The fluid and air measurement 
procedures are repeated 3 times each. The imbibition vessel is then recovered and 
replaced in the oven. This procedure is then repeated for each imbibition vessel that 
measurements are needed. 
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Chapter 4: Theory  
4.1 THEORY 
The fundamental basis for this experimental design was Archimedes principle, 
which relates the density, and volume of a sample through the measurement of a sample 
in two different density fluids. In the case of this experiment air and a brine surfactant 
mixture are the two fluids in which the shale sample is measured. This principle is used 
to measure the change of density of a shale sample as it undergoes spontaneous 
imbibition. It is important to understand the fundamental equations used to measure the 
volume of imbibition in this novel experiment in order to appreciate the results. The 
measurements made in this novel experiment can be broken up into three discrete groups: 
initial shale sample measurements, fluid density measurements, and shale sample 
measurements during spontaneous imbibition. From these fundamental measurements, 
the volume of oil or fluid saturating the pores displaced and the rate of imbibition can be 
calculated. The mathematical terms used in the theory section are defined as they are 
used and are additionally defined in the glossary.  
4.2 INITIAL SAMPLE AND FLUID MEASUREMENTS 
The initial measurements made on the prepared shale sample as described in the 
procedure are made before any contact with the brine solution. These initial 





air weight,  Wair
initial . The volume of the sample is measured physically with calipers as 
described in the procedure. This physical measurement is a good estimation of the 
volume, but it is not accurate measure of the true volume of the shale sample, as 
sometimes the cuts are not always parallel or symmetrical. Fortunately, it is possible to 
measure the volume of the sample using Archimedes principle, as shown below in 





initial  ............................................................................. (4.1) 
Where, 
— Measured initial air weight of shale sample  
— Measured initial weight of shale sample in the imbibition fluid 
— Measured density of imbibition fluid 
— Initial volume of the shale sample  
With some algebraic manipulation, the volume of the shale sample can be 
calculated from the shale sample’s air weight measurement and its apparent weight 








 ...................................................................................... (4.2) 
This calculated volume value assumes that the fluid does not imbibe into the 
sample over short periods of time. It is more accurate than the caliper measured value as 










not parallel. Once the volume of the sample is known, it is relatively trivial to calculate 







intial  .......................................................................... (4.3) 
This initial density calculation is paramount as Archimedes principle relates the 
measured weight difference of an object between two different fluids, which in this case 
are air, and a brine mixture. The apparent weight difference due to buoyancy allows for 
the calculation of the density of a sample. When a sample of known volume is measured, 
the density of the object can be measured from the measurements of the sample immersed 
in the fluid alone. This is shown in equation 4 and can be solved for by rearranging 







intial + ρfluid   ........................................................................................ (4.4) 
4.3 IMBIBITION SAMPLE WEIGHT MEASUREMENTS 
While Archimedes principle is rather well defined and straightforward as shown 
above in the theory and equations, some variation and complexity is introduced when 
measuring a sample of changing density as in the case of a sample undergoing 
spontaneous imbibition. The density of the sample changes with time as spontaneous 













different density fluid displaces the fluid saturating the pore space, which causes an 
increase in weight as shown in equation 5. 
!ΔWair t( ) =Wair t( )−Wairinitial   ............................................................................... (4.5) 
where, 
— The amount of time the sample has been exposed to imbibition fluid 
—Change in measured air weight of shale sample at time t  
—Measured weight of sample at time t  
 At any time, t, the measured weight of the shale sample immersed in the fluid,
 is given by,   
!Wfluid t( ) =Wair t( )−Vsample t( )∗ρfluid  .................................................................... (4.6) 
Preforming this method with shale also introduces a number of additional 
challenges beyond a sample of changing density, as the apparent fluid volume displaced 
by the shale sample is also subject to change if proper experimental practices are not 
followed. The change in the displaced fluid volume of the sample, , is a 
function of the change of the volume from swelling of the shale sample due to fluid 
exposure, , and is also a function of the volume of any droplets of oil stuck to 
the surface of the shale sample, , which augment the apparent volume of 








!Vsample t( ) !ΔVswell t( ) !ΔVdrops t( )
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in equation 7. While , and  found in equation 7 are not easily 
measured in the experimental setting, it is possible to minimize these values through 
proper experimental procedure as described in chapter 2. It is important to note that 
 is equal to zero when the sample is not immersed in the brine mixture, but the 
volume of the shale sample is still augmented by any swelling regardless of immersion or 
not. 
!Vsample t( ) =Vsampleinitial +ΔVswell t( ) !+ΔVdrops t( )  .......................................................... (4.7) 
Once !Vsample t( )  is defined, it is possible to redefine the density of the shale sample 
as a function of time, !ρsample t( ) , as shown in equation 8, and in equation 9. Equation 8 
and equation 9 each rely solely on air or fluid measurements respectively for the 
calculation of the density of the sample. Similarly, it is possible to define the change in 
density over time, !Δρsample t( ) , can be redefined, and is shown below in equation 10, and 
in equation 11. Equation 10 and equation 11, like equation 8 and equation 9, also only 
rely on air or fluid measurements for the calculation of the change in density of the 
sample. 
!
ρsample t( ) =
Wair t( )
Vsample t( )
 .......................................................................................... (4.8) 
!
ρsample t( ) =
Wfluid t( )
Vsample t( )
+ ρfluid  ................................................................................ (4.9) 
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initial  ....................................................................... (4.11) 
This change in density of the sample as a function of time can is attributed the 
exchange of fluids of differing densities in the pore space of the shale sample. The 
volume of the fluid saturating the pore space displaced,  Vpore fluid
displaced t( ) , by spontaneous 
imbibition is equal to the volume of the brine solution imbibed into the shale. This 
relationship is shown in equation 12, where the change of the measured weight of the 
shale sample in air is directly proportional to the difference in density between the two 
fluids times the volume of oil or pore fluid being displaced. In the case of this study, the 
preserved shale sample is assumed to be completely oil saturated and thus the density of 
the pore fluid is equal to the density of the produced oil. Additionally this implies that all 
the displaced pore fluid is oil. 
 .......................................................... (4.13) 
where, 
—Measured density of imbibed brine solution 
— Density of the pore fluid saturating the shale sample 
— The volume of displaced pore fluid due to spontaneous imbibition 
 








The above equation, demonstrates the ability to empirically measure the volume 
of pore fluid or oil that is displaced by spontaneous imbibition through air weight 
measurements alone. However, in its current form it is not useful until it is solved for 
 as shown below in equation 13. 
 .......................................................................... (4.13) 
4.4 VOLUME OF IMBIBITION CALCULATED FROM FLUID MEASUREMENTS 
While this is a valid solution to measure the volume of displaced pore fluid due to 
spontaneous imbibition, it is not the ideal solution in practice. The air weight 
measurements, , after exposure to the brine solution have a small and highly 
variable volume of brine solution adhered to the surface of the shale sample. This volume 
of brine solution can introduce a large amount error despite best experimental practices. 
However, the weight measurements made in the fluid are very repeatable, and accurate. 
Due to the higher accuracy of the fluid weight measurements, a method for calculating 
using only weight measurements made in the brine solution or prior to 
exposure to the brine is required to minimize error. To achieve such a solution, an 
understanding of the relationship between the shale sample density, , and 
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by  to develop the expression, equation 14, after some simplification and using 
the definition of!ρsample t( ) , and  ΔWair t( )  from equation 8 and equation 5 respectively.  
  .......................................... (4.14) 
The density of the shale sample, , can be measured as a function of only 
the fluid measurements and is defined in such terms in equation 9. When the definition of 
 from equation 9 is substituted into equation 14,  becomes a function 
of only initial weight measurements and immersed fluid weight measurements. This 
relationship as shown in equation 15 introduces the smallest amount of error 
experimental error into the final calculations. Equation 15 can then be solved for 
 as shown below in equation 16.  
 ................................. (4.15) 
 ............................................ (4.16) 
The displaced volume of fluid by the shale sample is described in equation 7, and 
can be further simplified with the use of best experimental practices. For the purposes of 
establishing this novel experimental method the assumption was made that minimal 
swelling of the shale occurred such that . The amount of swelling 
!Vsample t( )
!
ρsample t( ) =
Vpore!fluid
displaced t( )∗ ρfluid − ρpore!fluid( )+Wairinitial
Vsample t( )
!ρsample t( )













displaced t( ) = Wfluid t( )+ ρfluid *Vsample t( )−Wair
initial( )
ρfluid − ρsat!fluid( )
 !ΔVswell t( )≪Vsampleinitial
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depends upon the type of shale and varies upon the content of the brine solution. The 
assumption that the amount of swelling is much smaller than the volume of the sample 
allows for the neglection of this swelling term. Additionally, proper experimental 
practices allow for the neglection of  due to the use of an ultrasonic cleaner 
which removes any surface droplets. When these terms are negligible, equation 7 reduces 
into the following definition. 
 .............................................................................................. (4.17) 
The simplification of equation 7 allows for a redefinition of the density of the 
shale sample as defined in equation 9.  
 .............................................................................. (4.18) 
Using this new definition of density of the shale sample, as shown in equation 18, 
allows for a different solution for 
 
Vpore fluid
displaced t( )  when combined with equation 14. While the 
significance of this is not visible at first, using the Archimedes principle from equation 1 
in equation 19 simplifies the solution of  significantly, as shown in equation 
20. 
 ................................................ (4.19) 
!ΔVdrops t( )
!Vsample t( ) =Vsampleintial
!








displaced t( ) = Wfluid t( )+ ρfluid *Vsample
initial −Wair
initial( )
ρfluid − ρsat!fluid( )
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 .......................................................................... (4.20) 
Equation 20 demonstrates that using Archimedes principle is a valid theoretical 
approach for measuring spontaneous imbibition in a shale sample when the fluids are of 
differing densities. This theoretical approach allows for a solution of the volume of the 
displaced pore fluid using only measurements made in the fluid, which are highly 
accurate and repeatable as shown in the following chapter. 
!
Vpore!fluid
displaced t( ) =Wfluid t( )−Wfluid
initial
ρfluid − ρsat!fluid( )
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Chapter 5: Results and Discussion 
As shown in the previous Chapter, the theory behind this experimental method 
relies upon a few key assumptions, it is important to validate the theory with verifiable 
experimental results. This process is somewhat complicated as the experimental method 
was designed to measure spontaneous imbibition. The following Chapter evaluates the 
experimental results, the quality of the experimental setup, experimental procedure with 
an error analysis, checks to see if the results fall within expected bounds, and establishes 
metrics for to evaluate the validity of the assumptions made.  
The first key assumption is that the density of the imbibition fluid in the 
imbibition vessel does not change significantly over the course of the experiment. To 
maximize the validity of this assumption the imbibition vessels are kept covered at all 
times, except when the measurement is performed. Another key assumption is that the 
fluid saturating the pore space is at residual water saturation (or at a lower water 
saturation), and that the density of that fluid consequently is equal to density of produced 
oil. This assumption could be made better if the saturation of the sample was known; 
unfortunately determining the saturation of a shale sample is a non-trivial problem. As a 
result of not having an established method for determining the initial saturation of 
preserved shale, a constant value was assumed. The final key assumption that is inherent 
to this experimental design is that during the course of the experiment no significant 
amount of fines are lost from the sample. The sample must stay intact during the course 
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of the experiment in order for the mass measurements to remain consistent. This can be 
checked visually by looking for any evidence of fines in the imbibition cell. 
All of the Figures in this Chapter have error bars and if they are not visible then 
they are smaller than the marker size, and lines have been added to connect the data 
points for clarity unless otherwise stated. An error analysis for our methods namely 
Archimedes method is not novel (Power, 1996), but has additional complications in the 
context of measuring imbibition in shale. A comparative analysis of the experimental 
results from all the samples and comparison of the Bakken and Utica will be discussed in 
Chapter 6. 
5.1 EVALUATION OF THEORY 
5.1.1 Initial sample and fluid measurements 
The following section will evaluate the theory discussed in the previous Chapter 
through the examination of the measured data from a single Bakken shale sample 
undergoing spontaneous imbibition in simulated reservoir brine. This data set is part of 
the data collected in the second Bakken experiment that is discussed in length later on in 
the Chapter. As described in the procedure in Chapter 3 and in the theory in Chapter 4, 
the experiment begins with establishing the fundamental physical properties of the 
different fluids and the shale sample or samples.  
These quantities for the example Bakken Shale sample can be found in Table 5.1. 
These measurements and calculations  must be made before any analysis of the data can 
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be preformed. Table 5.1, has all the relevant initial measurements for the data set 
examined to evaluate the theory described in the previous Chapter.  
Table 5.1: Initial sample and Fluid 2 measurements of example Bakken shale sample. 
Parameter Symbol Source of parameter Units Value 
Initial air weight  Measured with Balance Grams  
26.9534 g 
± 5.00E-5 g 
Initial fluid weight  Measured with Balance Grams  
15.6299 g 
± 5.00E-5 g 
Density of 









Density of pore 































1.0284 cc  
± 1.49E-3 cc 
Diameter d Measured Centimeters 2.41 cm 
± 5.00E-5 cm 




equation (2.4) Unitless 0.294 ± 1.36E-5 
 
5.1.2 Comparing Air and Fluid Measurements 
After the shale sample and fluids are characterized through the initial 















Two types of weight measurements are made at any time after fluid contact: air weight 
measurements of the shale sample and the apparent weight of the sample immersed in the 
imbibition fluid. The fluid weight measurements are lighter than the air measurements 
due to buoyancy caused by the displaced volume of the sample. 
As discussed in the previous chapter, the goal of these measurements is to 
measure the weight gain of the sample as a result of spontaneous imbibition. Both the 
fluid or air weight measurements can be used to accomplish this goal given a sample that 
does not undergo swelling. To confirm the presence or absence of swelling and 
consequently the misrepresentation of the weight gain due to spontaneous imbibition in 
the fluid measurements both air and fluid weight measurements must be made at each 
time step.  
 
















Air Weight (W_air) Fluid Weight (W_fluid)
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Figure 5.1 plots the values of the fluid and air weight measurements as function of 
time for the example Bakken shale sample. At first glance these two measurements seem 
to undergo very little change as a function of time; however, this is not the case if we 
look at the mass change as a function of time, rather than absolute mass. Figure 5.2 plots 
the change in weight of the air weight and fluid weight measurements respectively.  
 
Figure 5.2: Change in measured air and fluid weights of the example Bakken sample. 
By examining Figure 5.2 it is immediately apparent that the air weight and fluid 
weight measurements are not equal at every time step. The second observation made is 
that the air weight measurements seem to be noisy or the sample gained and lost weight 
rapidly, which is inconsistent with expected effects of imbibition or swelling. As the 
trend is not also observed in the fluid weight measurements this lack of equivalence is 




















Change in W_air Change in W_fluid
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While Figure 5.2 is of more interest than Figure 5.1 as the change in mass is due 
to fluid imbibition, the analysis must be sample size independent. The percent weight 
change compared to the original air weight is important when multiple samples are 
compared, as the initial mass will likely not be equivalent. The percent change in mass of 
the sample is presented in Figure 5.3. Both the fluid and air weight measurements are 
compared to the original air weight, as any weight change should be equal in constant 
volume case.  
 
Figure 5.2: Percent change in measured air and fluid weight of initial air weight of the 
example Bakken sample. 
However, the percent change in measured fluid and air weights are not equivalent. 
The percent change in measured air weight follows an increasing time dependent trend as 
anticipated with imbibition, but fluctuates up and down between measurements. This 


























volume of the sample due to swelling should only affect fluid measurement, and would 
be observed as decrease in the measured fluid weight. Imbibition of a denser fluid should 
not cause a decrease in sample weight at any time. As imbibition often occurs at a steady 
time dependent rate and only the air weight measurements are affected, the oscillatory 
behavior observed is most likely not due to either of these phenomena. 
When the sample is removed from the imbibition a thin film of imbibition fluid is 
adhered to the surface of the sample. The experimental procedure attempts to minimize 
the volume of this thin film adhered to the surface by allowing the sample to rest on a 
paper towel. The paper towel succeeds in reducing the total volume of fluid adhered to 
the surface, but it does not always remove the same amount of water from the surface of 
the shale sample. As a result the variation in the air weight measurements is likely due to 
the variations in this film of surface fluid. 
Despite the small fluctuations in the air weight measurements due to the variance 
in volume of the thin fluid film, another trend is apparent. Both the fluid and the air 
measurements follow nearly identical trends. This equivalence in the relative weight gain 
between the two measurements agrees with the theory for a constant volume sample. The 




Figure 5.3: Percent difference between change in measured air and fluid weights, 
, of the example Bakken sample. 
When a sample does not undergo any significant change in volume due to fluid 
exposure, the relative weight change should be identical in both the fluid and air weight 
measurements and it nearly is identical in this case as seen in Figure 5.3. The average 
difference between the two measurements is less than 10 milligrams or 0.05% of the 
sample weight. This variance will later be shown to fall well within the realm of the 
variability due to the changing amount of imbibition fluid adhering to the surface of the 
shale sample.  
The relationship between the relative changes in weight is best demonstrated by 
through the examination of Equations 4.10 and 4.11. These equations define the 
relationship between the change in density of the sample, , and air or fluid 






























!%ΔWair t( )−%ΔWfluid t( )
!Δρsample t( )
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equivalent regardless of the measurement used to calculate the change. The equivalence 
between equations 4.10 and 4.11 in the case of a constant volume sample 
 simplify to . To make this equivalence sample 
size independent, it becomes  by dividing both sides by the 
original air weight. This validity of this equivalence and its implications will be further 
demonstrated in the following section.  
5.1.3 Examining Volume Change 
The volume of the sample can be calculated using Archimedes principle (equation 
4.6), and the initial measured fluid and sample properties (shown in table 5.1). This 
volume  can be calculated before fluid exposure, and at any other time where 
both fluid and air weight measurements are made concurrently. However examining 
absolute volume of the sample is not as useful for examining the percent change in 
volume as shown in Figure 5.4.   
The percent change of  relative to the original volume  changes very 
little over the course of the experiment and follows no clear trend. The change in volume 
of the sample varies slightly between negative 0.05% and positive 0.10%. This volume of 
swelling is rather small and is made potentially insignificant once error is considered as 
will be shown later. The main source of error in this calculation is the inclusion of the air 
weight measurements, which are affected by the variance in the weight in the volume of 
! i.e.!Vsample t( ) =Vsample
intial( )  ΔWair t( ) = ΔWfluid t( )
!%ΔWair t( ) =%ΔWfluid t( )
! Vsample t( )( )
!Vsample t( )
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thin fluid film adhered to the surface. Any fluctuations in the thin film of surface fluid 
adhering to the sample during the air weight measurements would also propagate into the 
change in volume calculation. This apparent change in volume is most likely the cause of 
the variations in volume of the shale sample. 
 
Figure 5.4: Relative change of the volume of the example Bakken sample where
.  
5.1.4 Volume of Fluid Adhering to Surface of sample: Archimedes Air Weight 
Thin to thick fluid surface adhesion is a phenomenon exploited in other industries 
to apply liquid coatings to solid substances (Qu, 2002). However, this phenomenon is 
potentially one of the largest sources of error in this experimental measurement. The 
thickness of the fluid film adhering to a solid surface is a function of the shear viscosity 
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(Landau, 1942; Morey 1940; Qu, 2002; Krechetnikov, 2006). As surfactants change the 
surface tension, different film thicknesses and thus different total volumes of adhering 
fluid on the surface would most likely be expected (Krechetnikov, 2006). The controlling 
factor most likely in this experiment is the withdrawal speed from the fluid and the 
subsequent exposure to the paper towel.  
The paper towel adsorbs a portion of the fluid film off of the sample, and reduces 
the overall error. Though the volume of fluid adhered to the surface of the sample cannot 
be measured it can be calculated using Archimedes principle when the sample volume 
remains constant ! Vsample t( ) =Vsample
intial( ) . The measured air weight values should be 
equivalent to values calculated using Archimedes principle (Equation 5.1). This 
calculated air weight will be henceforth referred to as the Archimedes air weight. 
 ........................................................ (5.1) 
 Equation 5.1 demonstrates the relationship between the measured fluid weight 
and the Archimedes air weight, . Though this relationship is logical 
theoretically, due to the fluid adhering to the surface of the shale sample the Archimedes 
air weight is not equivalent to the measured air weight of the sample as seen in Figure 
5.5. The following figures, table, and equations will quantify the variability due to the 
weight of the adhering surface fluid, . 





Figure 5.5: Measured air weights and Archimedes calculated air weight of the Bakken 
brine shale sample. 
 .........................................................................  (5.2) 
The difference between  and  defined as  
(Equation 5.2) is shown below in Figure 5.6 as percent  of original air 
weight. As previously hypothesized, there is not a constant amount of fluid adhering to 
the surface of the shale sample. The weight of the fluid adhering to the surface falls 
within a limited range of 0.14% to 0.23% of original dry weight (40 to 60 milligrams), 
but there is not a distinct trend. This calculation relies upon the constant volume 
assumption, and if there was a prevalent trend, then this assumption is most likely invalid 
as swelling is a time dependent phenomena. Equation 5.3 shows the relationship between 
















!Wair t( ) =Wsurface!fluid t( )+WArchimedes!air t( )




As Equation 5.3 demonstrates, the change in the air weight measurements is due 
to both the mass change due to spontaneous imbibition, and the mass of the fluid 
adhering to the surface of the sample. The values plotted in Figure 5.6, are calculated 
using equations 5.1 and 5.3. The surface fluid density is assumed to be the imbibition 
fluid as the ultrasonic cleaner removes any oil layer. With a known density of the surface 
determining the volume of the fluid on the surface is straightforward and shown in 
equation 5.4. 
 .............................................................. (5.3) 
 ............................................................................... (5.4) 
 
Figure 5.6: Percent weight of adhered surface fluid film of example Bakken sample. 
!Wsurface!fluid t( ) =WArchimedes!air t( )−Wair t( )
!




























(5.5)While the ability to calculate an 
estimate of the mass of adhered fluid film measured during the air measurements is 
useful, the change in weight of the adhered film of surface fluid is more useful in this 
experimental analysis. The change in the Archimedes calculated air weight (
, Equation 5.5) should be considered the ideal value of change in 
measured air weight for a sample with no adhered fluid film. As  is not 
constant, the measured values of  differ from this ideal value by  
as shown in Equation 5.6 and 5.7.  
 ................................................................ (5.6) 
 ................................................................ (5.7)  
Table 5.2: Average values of weight and volume of fluid adhering to surface of the 















± 0.0930 mm 
 
As shown in Table 5.2, average values for the adhered surface fluid and error in 
these values can easily be calculated using the above equations. The error in the weight of 
!ΔWair t( ) = ΔWArchimedes!air t( )+ΔWsurface!fluid t( )
!ΔWArchimedes!air t( )
!Wsurface!fluid t( )
!ΔWair t( ) !ΔWsurface!fluid t( )
!ΔWair t( ) = ΔWfluid t( )+ΔWsurface!fluid t( )
!ΔWsurface!fluid t( ) = ΔWair t( )− ΔWfluid t( )
!Wsurface!fluid t( ) !
Wsurface!fluid t( )
Wair












adhered surface fluid is the larger value of the standard deviation of the calculated values 
of the mass of the surface fluid or the error propagation through the calculations.  
The values presented in Table 5.2 are useful for understanding the relative volume 
and mass of fluid adhering to the surface of the shale sample. These average values of the 
surface fluid do provide a full picture or evaluate of the precision of the experimental 
measurements. A few metrics for analysis of the quality of the results are needed as this 
experimental method relies upon such a number of assumptions namely minimal shale 
swelling.Shale swelling is formation and mineralogy dependent as discussed in Chapter 
2. When the shale sample swells additional error is added, as now the fluid measurements 
are no longer accurate. This complicates the calculation of the volume of surface fluid as 
shown in equation 5.8. Additionally while swelling occurs as described in Chapter 4, the 
difference in air and fluid weight measurements are no longer equal, leaving two 
unknowns. 
 .................................... (5.8) 
!ΔWair t( ) =Vpore!fluid
displaced ρfluid − ρpore!fluid( )+ΔWsurface!fluid t( )  ......................................... (5.9) 
!ΔWfluid t( ) =Vpore!fluid





Unfortunately, there is no way to decouple the air weight measurement of the 
sample and the adhered fluid film nor is there a way to decouple the fluid weight 
!ΔWsurface!fluid t( ) = ΔWair t( )− ΔWfluid t( )− ΔVsample t( )ρfluid
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measurement from swelling as shown in Equations 5.9 and 5.10 respectively. The 
following metrics will assist in determining the source of variance from theoretical 
values, the validity of the constant volume assumption, and consequently what is the best 
source of measurements for calculating the volume of pore fluid displaced: Either the 
noisy air measurements, or the repeatable fluid based measurements. This addition of 
error in both sources of measurements requires a method for quantifying the relative 
amount of error to the measurements made. In the following section, two metrics are 
proposed to determine the measurement source with the lowest error, and examine the 
validity of the assumptions discussed previously. The following metrics rely on the use of 
both the fluid and air weight measurements, but through the use of the two graphical 
methods in conjunction a conclusion on the precision of each respective measurement can 
be inferred.  
5.2 METRICS FOR EVALUATION OF ASSUMPTIONS, AND MEASUREMENT PRECISION  
5.2.1 Air Weight Measurement Precision and Variance of Adhered Fluid Film 
The air weight measurements are noisy and lack precision over the duration over 
the experiment due to the changing volume of fluid film. This first metric consists of 
graphical methods for examining the relative change, and volume of this fluid film. It is 
important to recall that the calculation of the volume of the surface film is dependent 
upon the use of the fluid weight measurements. As such the relative amount of error 
added due to swelling is not known, but any error added should present itself as a time 
dependent shift of the data. The first metric consists of two components: the weight, and 
 86 
change in weight of the thin film of surface fluid relative to the weight of the sample, and 
the existence of a strong correlation between  and time.  
If the constant volume assumption is true, then the percent changes in measured 
weight should be equal in both the fluid and air weight measurements if the air weight 
measurements have been corrected by accounting for the weight of the of adhered surface 
fluid. Consequently the variation from equivalence in measured weight change is 
described by the following expression in Equation 5.11. This equation expresses that any 
deviation from equivalence is due to a variation in the mass of the thin film of fluid 




















intial %+ΔVsample t( )ρfluid  ..................... (5.12) 
While Equation 5.11, relies upon the constant volume assumption as previously 
described, the change in measured fluid weight from swelling would show up as a time 
dependent increase as described in Equation 5.12. Though a time dependent increase in 
adhered fluid volume could be due to wettability modification of the surface from 
surfactant as dip coating equations are a function of contact angle. As the wettability 
modification of the shale samples due to aging in an aqueous surfactant mixture has not 
been examined, any consistent time dependent increase in the volume of fluid volume 
!ΔWsurface!fluid t( )
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adhered to the surface will be attributed to swelling rather than an increase due to 
wettability modification of the exposed surface of the shale sample. 
 
Figure 5.7: Change in Weight of Fluid Film Adhered to example Bakken Sample. 
The calculated values of  from Equation 5.11 are presented in 
Figure 5.7.  While this figure clearly shows that relative change in measured weight is 
rather small and not time dependent, this is not the most useful figure for determining if 
the change in volume of adhered thin surface fluid is a realistic value. The real measure 
of this quantity is best measured by the change in thickness of the surface fluid film, 
which can be calculated using Equation 5.13, and shown in Figure 5.8.  
!
Δh t( ) = ΔWsurface!fluid t( )
ρfluidAsurface













































 Figure 5.8: Variance of thickness of adhered thin fluid film relative of example 
Bakken sample. 
Figure 5.8, presents the change in thickness of the fluid of thin film adhered to the 
sample assuming a constant distribution as defined in Equation 5.13. While this 
assumption does not account for gravity, it is reasonable as the total change in thickness 
of fluid film adhered to the surface of the sample is just a few microns. The calculated 
value of fluid thickness is small to the overall thickness of the overall sample, but varies 
by up to 40% from the average value presented in table 5.2. This change of the relative 
thickness of the adhered surface fluid is quit significant, compared to its overall value. 
This plot demonstrates that less than an 8-micron change in thickness of the fluid layer 



























The sample size is an important consideration when it comes to comparing the 
relative thickness of the adhered surface fluid film to the both the bulk volume and pore 
volume of the sample. As the sample size increases, the bulk volume and consequently 
the pore volume of the sample increases the relative volume of fluid film decreases. The 
thickness of the fluid film does not increase in proportion to the increase in bulk volume. 
This property should imply using a sample size as large as possible, but this is not ideal 
as the surface area to volume ratio controls imbibition rate.  
As the ratio of surface area is a function of sample size, as sample size is 
increased the total time required for imbibition increases, and number of tests that can be 
preformed upon preserved shale decreases as there is a limited quantity of preserved 
samples. Consequently there is there is a limiting rate of return in exchange for gained 
accuracy, as the total quantity of tests will decrease. The goal must be to properly choose 
a sample size that minimizes the relative volume of the adhered fluid film to the pore 
volume. 
!
%Vsurface!fluid t( ) =
Wsurface!fluid t( )
ρfluidVpore
 .......................................................................... (5.14) 
!
%ΔVsurface!fluid t( ) =
ΔWsurface!fluid t( )
ρfluidVpore
 .................................................................... (5.15) 
The fluid film thickness is important as the variance affects the calculated volume 
of displaced fluid as previously described. The volume and the change in volume of the 
fluid film adhered to the surface to the pore volume is expressed in Equations 5.14 and 
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5.15 respectively. The relationship between sample size, expressed in pore volume, and 
the relative volume of fluid adhered to the surface of the sample is shown in Figure 5.9. 
 
Figure 5.9: Contour plot of percent Volume of pore volume of fluid film as function 
of thickness of film and length of 1-inch diameter by 1-inch long core plug. 
Figure 5.9, demonstrates that it is important to choose a sample size large enough 
that the relative volume of fluid on the surface is less than the volume of adhered surface 
fluid. Though the total volume of surface fluid is accounted for in the weight change, the 
variance between measurements can have a significant impact. This thickness can vary 
by up to nearly 10 microns or 0.01 millimeters. This variance as shown in Figure 5.8 can 
create a large error if the pore volume is too small.  
Due to this sensitivity to both measurements, this is an ideal graphical metric for 
examining if the fluid measurements can be trusted to be representative of the true mass 
change. If the plot of !ΔWsurface!fluid t( )  exhibits any time dependent increase, then the fluid 
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measurements are consistently less than the air weight measurements. If the fluid weight 
measurements are representative of the sample, then !ΔWsurface!fluid t( )  will vary a small 
amount but will not exhibit time dependent increase. 
5.2.2 Fluid Weight Precision and Volume Change of Sample 
Though the first metric allows for a graphical analysis of swelling, the change in 
volume of the sample can be directly calculated using Archimedes method. Though this 
calculated volume change, is not decoupled from the variance in air weight 
measurements previously described. For the fluid measurements to be representative of 
the change in mass due to spontaneous imbibition, a consistent increase in volume must 
be visible. This calculation has a large amount of error due to the propagation of 
uncertainty in measurement, which is further compounded by the variance in the 
thickness of the fluid film in the air weight measurements.  
The volume of the sample calculated from Archimedes principle is a function of 
the density of the fluid, and the air and fluid weight measurements as shown in Equation 
5.16. It is important to recall that the weight or change in weight of the surface fluid 
cannot be directly measured and will be neglected in the following equations though it is 
still coupled to the measured air weight. The change in volume and relative change in 
volume are represented in 5.17 and 5.18 accordingly.  
It is important to recall in the case of a constant volume sample that the change in 
air and fluid weight measurements are equivalent, symbolically represented as 
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!Vsample t( ) =Vsampleintial  and !ΔWair t( ) = ΔWfluid t( )  respectively. Equation 5.18 can be simplified to 
Equation 5.19 in the case of sample that does not undergo swelling. As the weight or 
change in weight of the fluid film cannot be measured it will be neglected, in the 
following calculations. 
!
Vsample t( ) =
Wair t( )−Wsurface!fluid t( )−Wfluid t( )
ρfluid
 .................................................... (5.16) 
!
%ΔVsample t( ) =
ΔWair t( )− ΔWfluid t( )
ρfluidVpore
 ................................................................ (5.17) 
!
%ΔVsample t( ) =
ΔWair t( )− ΔWfluid t( )
ρfluidVsample
intial  ................................................................ (5.18) 
!






intial  ................................................ (5.19) 
Equitation 5.19 implies that even in the case of a constant volume sample, the 
calculated change in volume will be sensitive to variance in the thickness of the fluid 
film. As such any plot of the change in volume of the sample where the percent change is 
within the range of the error caused by the changing thickness the adhered surface fluid 
can be assumed to have minimal to no swelling. The values for the calculated change in 
volume as a function of pore volume (Equation 5.17) of the example Bakken shale 
sample is shown in Figure 5.10. Figure 5.10 demonstrates little to no positive correlation 




Figure 5.10: Percent change of thin fluid film relative to pore volume of 
example Bakken sample. 
 
Figure 5.11: Error in displaced pore volume due to variance in thickness of 






























































%ΔVDisplaced!pore!fluidError t( ) =
ΔWair t( )− ΔWfluid t( )
ρfluid − ρpore!fluid( )Vpore
 ................................................... (5.20) 
This figure is quite useful in determining the quality of the data set. The lack of 
equivalence between the change in air weight, and change fluid weight could be due two 
factors: a changing volume of adhered surface fluid affecting the air measurements, or 
due to an change in the volume in the sample affecting the displacement of fluid and 
consequently the measured fluid weight. An ideal plot of this equation all the data points 
would be zero or near zero. Any variance from ideal is likely caused due to one of the 
following reasons: an increase or decrease in the volume of adhered surface fluid, 
swelling of the sample, or shrinking of the sample. The effects of the different types of 
error upon this figure are summarized in Table 5.3. 
 Table 5.3: Individual effects of different types of error upon coupled error analysis 
figures. 
Type of Error Figure response 
Increase in adhered surface fluid Positive error 
Decrease in adhered surface fluid Negative error 
Swelling of sample Positive error 
Shrinking of sample Negative error 
 
This variance can have a significant impact upon the calculated volume of imbibition 
when only the air measurements are used as shown in Figure 5.11. The percentage of 
pore volume is calculated using Equation 5.16. The change volume of fluid adhered to 
the surface has a significant impact upon the calculated volume of displaced fluid as a 
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percentage of pore volume. The variation in this case causes an error of five percent in 
the percentage of displaced fluid volume. For this reason it is imperative to minimize the 
use of the air weight measurements. However, the air weight measurements are needed to 
ensure that the fluid measurements are accurate, and quantify swelling. The above 
analysis however can be also be used to examine if the fluid weight measurements are 
accurate. As !ΔWsurface!fluid t( )  is calculated from the difference of the weight gain in the 
fluid and air weight measurements, it is sensitive to both the changing volume of surface 
fluid and any changes in buoyancy due to swelling effects as shown in Equation 5.12. 
Figures such as Figure 5.11, and Equation 5.20 are the most useful tools in determining 
the validity of the data set, as the calculated volume of adhered surface fluid, or 
calculated change in volume of the sample, because the individual sources of error in the 
air and fluid measurements cannot be decoupled. 
5.2.4 Spontaneous Imbibition: Volume of Displaced Pore Fluid 
Once all the metrics have been examined, and passed then the sample’s fluid 
weight measurements can be believed as real. This change in mass is fundamental as this 
is the sign that imbibition is occurring in the sample, when the volume remains constant. 
This change in mass and consequently density, equations 4.10 and 4.11, is directly 
proportional to the volume of fluid imbibed, and consequently the volume of fluid 
displaced by spontaneous imbibition.  
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The volume of displaced pore fluid is defined in equations 4.13 and 4.20, which 
are functions of the change in air and fluid weight of the shale sample respectively. The 
results for the Bakken brine shale sample are shown in Figure 5.12. The volume of total 
imbibition is relatively small compared to the total volume of the Bakken brine shale 
sample, 10.16 cc, however this is a reasonable value as the total porosity of the Bakken 
samples received was measured to be 10.07% through NMR and the actual effective 
porosity is likely to be much lower.  
 
Figure 5.12: Volume of displaced pore fluid in the example Bakken sample. 
Figure 5.12 is a very useful figure for determining the total volume displaced pore 
fluid from the shale sample, but it is not independent of the volume of the shale sample or 
the pore space of the shale sample. Figure 5.13 solves this problem by plotting the 
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allows for the comparison of imbibition between different samples of varying volumes 
and porosities.  
 
Figure 5.13: Displaced pore fluid as percent of total pore volume of the 
example Bakken sample. 
Neither Figure 5.12 nor Figure 5.13 account for the exposed surface area of the 
shale sample, which affects the rate of imbibition. To account for the relative surface 
available for imbibition, time is divided by the square of characteristic length from the 
dimensionless time defined by Ma (1996), as described in equation 2.4, and shown in 
again in Equation 5.20.  
While the time scaling factor in Equation 5.20 allows for the comparison of 
samples with different surface areas. Equation 5.20 defined as dimensionless time 
contains values for permeability, viscosity, and interfacial tension are not known for the 




























and Equation 5.20 is simplified to Equation 5.21, as dimensionless time is proportional to 
time divided by the square of characteristic length, Equation 5.22. Figure 5.14 plots the 
percent volume of displaced pore volume relative to the total pore volume against this 
dimensionless time. 





2  ......................................................................................................................... (5.21) 
 ........................................................................................................... (5.22) 
 
Figure 5.14: Displaced pore fluid as percent of total pore volume of the 








































This relative displacement of pore fluid is more useful than the absolute volume 
of the fluid displaced, as it does not require any previous knowledge about the shale 
samples in question in order to evaluate the imbibition. As the true form of dimensionless 
time is not being used, the time divided by the characteristic length will be referred to as 
characteristic time.  
Though the imbibition time is also important as it gives a scale of how quickly 
imbibition occurs. Figures 5.13 and 5.14 of pore volume displacement in imbibition time, 
and characteristic time respectively are simply the volume of the pore fluid displaced 
divided by the total pore volume of the sample. As a result this plot is ideal for 
understanding the scale and rate of imbibition within in a single sample, and is a valuable 
metric for comparing the amount and rate of imbibition occurring in various different 
samples within a single Figure.  
The theory and assumptions described in this and the proceeding Chapter are 
supported by the single set of experimental data presented, but by no means is this an 
exhaustive study concluding that this experimental method is a valid approach for the 
measure of spontaneous imbibition and specifically in regards to measuring the 
spontaneous imbibition in shale samples. The experimental design was focused primarily 
on measuring the small mass changes as a result of the exchange of small volumes of 
differing density fluids during spontaneous imbibition. The following section will discuss 
further experimental results from this experiment. 
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5.3 ANALYSIS OF EXPERIMENTAL RESULTS 
The following section demonstrates the effectiveness of the gravimetric 
measurement spontaneous imbibition experiments through the use of three discrete data 
sets containing the Bakken and Utica shale. Each experimental data set consists of four 
companion plug shale samples and four different imbibition fluids. These companion 
plugs are selected in such a manner as to have similar mineralogical properties. The 
imbibition fluids tested in each data consist of control brine selected for that rock type, 
and three different surfactant mixtures made from that brine. Each surfactant mixture 
differs in type and concentration of surfactant. 
The properties of the brine, type of surfactants, and concentrations were provided 
by the sponsors of this research. The selection, optimization, and detailed study of 
wettability modification of the selected surfactants were not within the scope of this 
project, and consequently the mechanics of the surfactant interaction and wettability 
modification will not be discussed. All of the following experiments made use of the 
same surfactants and concentrations dissolved in the appropriate brine for the shale 
sample. Each surfactant was given a designation for the formulation that, for ease of 
reference, can be found in Table 5.4. 
The evaluation of the experimental results mirrors the format of the preceding section 
introducing the results of the experiment in the example Bakken sample; however, 
differing in that not all of the plots discussed will be examined. Each data set will be 
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examined to evaluate the precision and accuracy of the measurements because of the 
adhered surface fluid, as well as any swelling of the sample.  
Table 5.4: Surfactant designations and formulations. 
Imbibition fluid Surfactant Concentration by Weight Percent 
A 0.5% Petrostep R-1 
B 0.25% Biosoft and 0.25% Petrostep S-2 
C 0.25% Biosoft and  0.25% Petrostep R-1 
Brine None 
 
If the data set demonstrates an absence of swelling effects, then the fluid weight 
measurements will be used to calculate the displaced pore fluid. However, if the data set 
does not meet the requirements for the constant volume assumption, then the noisier air 
weight measurement values are used to compute the volume of the displaced pore fluid.  
5.3.1 Bakken Shale Spontaneous Imbibition Experiments 
A total of eight preserved Bakken shale samples were tested in two experiments. 
Though both experiments used the same surfactant formulations, one was performed 
using filtered field brine, and the other was performed using laboratory-produced 
artificial field brine. The concentrations of the ions in both in the brines used in each 
experiment were identical and are listed in Table 5.5.  
All of the Bakken samples were prepared from Bakken preserved plugs. The 
porosity was determined through NMR measurement of a single neighboring plug, and 
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was found to have an absolute porosity of 10.07%. This value of porosity was used for all 
Bakken samples in the following project, and to estimate fluid saturations for all the 
following Bakken sample computations.  
Table 5.5: Produced Bakken brine fluid properties, 7.2 pH.  













5.3.1.1 Bakken Experiment 1 
The first experiment of two involving the Bakken shale described in this project 
will simply be referred to throughout as "Bakken Experiment 1" for reasons of 
conciseness and clarity. This experiment began as described in the procedure above with 
the measurement of the fluid and shale sample properties (with slight variations coming 
into effect later that are described and explained below). The shale, sample, and fluid 
properties measured and calculated are shown in table 5.6, where they are organized 
according to which imbibition fluid they were exposed. The shale sample and fluid 
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properties are fundamental in calculating the rate of spontaneous imbibition, as well as 
the total amount of spontaneous imbibition. The measured fluid and shale properties 
shown in table 5.6 are within the range expected for the Bakken shale. 
Table 5.6: Bakken experiment 1— Shale sample and fluid properties. 
Imbibition 
fluid A B C Brine 
 9.0543 g ± 5.00E-5 g 
8.9993 g 
± 5.00E-5 g 
9.1548 g 
± 5.00E-5 g 
9.1762 g 
± 5.00E-5 g 
 5.0671 g ± 5.00E-5 g 
5.0164 g 
± 5.00E-5 g 
5.1261 g 
± 5.00E-5 g 
5.1553 g 
± 5.00E-5 g 
 
1.128 g/cc 
± 5.00E-4 g/cc 
1.128 g/cc 
± 5.00E-4 g/cc 
1.128 g/cc 
± 5.00E-4 g/cc 
1.127 g/cc 
± 5.00E-4 g/cc 
 
0.823 g/cc 
± 5.00E-4 g/cc 
0.823 g/cc 
± 5.00E-4 g/cc 
0.823 g/cc 
± 5.00E-4 g/cc 
0.823 g/cc 
± 5.00E-4 g/cc 
 
3.574 cc 
± 2.24E-3 cc 
3.576 cc 
± 2.24E-3 cc 
3.600 cc 
± 2.20E-3 cc 
3.598 cc 
± 2.20E-3 cc 
 
2.533 g/cc 
± 1.59E-3 g/cc 
2.517 g/cc 
± 1.58E-3 g/cc 
2.543 g/cc 
± 1.55E-3 g/cc 
2.550 g/cc 











0.3599 cc  
± 4.30E-4 cc 
0.3601 cc  
± 4.30E-4 cc 
0.3625 cc  
± 4.24E-4 cc 
0.3623 cc  
± 4.24E-4 cc 
 2.41 cm ± 5.00E-5 cm 
2.41 cm 
± 5.00E-5 cm 
2.41 cm 
± 5.00E-4 cm 
2.41 cm 
± 5.00E-5 cm 
 0.797 cm ± 5.00E-5 cm 
0.801 cm 
± 5.00E-5 cm 
0.805 cm 
± 5.00E-4 cm 
0.803 cm 











The experimental procedure differed slightly from procedure described in Chapter 
3. This experiment was the first successful test of the complete experimental setup and 



















some minor differences in the experimental procedure, as not all aspects of the procedure 
had not yet been concretely defined.  
The shale preparation and handling procedure was followed as previously 
described for shale samples preserved in mineral oil, and was carried out at room 
temperature. Other notable departures between the previously stated procedure include 
the difference in the volume of the shale samples used, the time measurement steps, and 
the brine used. The bulk volumes of the shale samples used in this data set were only on 
the order of 3.5 cubic centimeters. This volume is much smaller than the approximately 
10 cubic centimeter samples described in the previous procedure. Filtered field brine was 
used to make the various imbibition fluids.  
It is important to note that samples B and C have a lower density than that of A 
and Brine. This density difference could be caused by a number of factors ranging from a 
different porosity, geologic properties, or different levels of preservation and saturation. 
These cores were received as sealed plugs and it is possible that there are varying levels 
of preservation as there may have been cracks in the sealing wax.  
The quality of the constant volume assumption must be evaluated before the rate 
or the volume of imbibition can be calculated for any of the shale samples in this 
experiment. As the equivalence of the change in measured weight of the shale sample in 
air and in the imbibition fluid can only be compared for a single shale sample at a time, 




 Figure 5.15: Bakken Experiment 1—Change in measured air and fluid weight 
for Bakken shale samples A and brine. 
 
Figure 5.16: Bakken Experiment 1—Change in measured air and fluid weight 
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The choice of what samples to use to form the two subsets of the weight changes 
of the shale samples is determined by pairing which measurements will minimize the 
overlapping data points. The subsets created to compare the weight change as a result of 
spontaneous imbibition for Bakken Experiment 1 are the A and Brine samples, and the B 
and C samples. These plots of these two subsets are shown in Figure 5.15 and 5.16, 
respectively.  
The results of Bakken Experiment 1 shown in Figure 5.15 and 5.16, do not 
adequate agreement with the anticipated equivalence for a sample undergoing zero 
swelling. The non-equivalence of the change in air and fluid weight measurements 
implies that, as shown in the example case, the volume of fluid on the surface is not ideal 
and fluctuates with time. However, with sample B there does seem to be some time-
dependent effects as the differences increase with respect to time showing that swelling is 
likely occurring, as the volume of adhered surface fluid should remain somewhat 
constant. This error must be quantified before any conclusive arguments can be made. 
The errors affecting the constant volume assumption are the variance in volume of 
adhered surface fluid, and shale swelling cannot be decoupled, as each error is unique to 
the measurement method. Though these errors cannot be decoupled using the current 
experimental procedure, this error must be examined in order to determine the validity of 
the constant volume assumption, and the overall quality of the data. This coupled error in 
terms of the percentage of pore volume of the sample the calculated using equation 5.20 
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as shown previously, and repeated below. The results of this coupled error analysis for 
this data set is presented in Figure 5.17. 
!
%ΔVDisplaced!pore!fluidError t( ) =
ΔWair t( )− ΔWfluid t( )
ρfluid − ρpore!fluid( )Vpore
 ................................................... (5.20) 
 
Figure 5.17: Bakken experiment 1— Variance in displaced pore volume 
between air and fluid measurements resulting from variance in thickness of fluid film 
and/or swelling from Equation 5.20. 
 As previously discussed in an ideal plot, all the values of the above figure would 
be equal to zero. The lack of equivalence between the change in air weight, and change 
fluid weight is likely due one, or a combination of the following factors: a changing 
volume of adhered surface fluid affecting the air measurements, or due to an change in 
the volume in the sample affecting the displacement of fluid and consequently the 
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for sample B. Consequently sample B must either be swelling or the volume of fluid 
adhered to the surface increased over time.  
Error cannot be avoided in the measurement of physical phenomena, but it must 
fall within an acceptable limit. Ideally this error should fall within less than 1% of the 
quantity of which you are attempting to measure. None of the samples fall within this 
ideal limit, but in order to draw a conclusion from this data set a higher limit of less than 
10% error will be used. Consequently only samples A, C and Brine can be considered 
valid, and though sample B will be included to demonstrate the significance of this error 
and how it can lead to false conclusions. The error in measurement in sample B in could 
be caused by factors, such as wettability modification of the surface of the shale sample 
causing the thin film volume of adhering fluid to increase, or due to swelling causing a 
decrease in the measured fluid weight due to the increase in displacement. 
The shale samples used in this experiment were nearly one-third the weight and 
roughly one-fourth the volume of the example used to demonstrate the theory in the 
previous section. As a result of this lower mass and volume, the air weight measurements 
are much more sensitive to the fluctuation of fluid adhering to the surface of the sample. 
This sensitivity, and the consequent error is due to a poor choice in sample size. 
Table 5.7 displays the estimated fluid mass, and volume of the fluid adhering to 
the surface of the sample, calculated by calculating the difference between the measured 
air weight and the air weight calculated by using Archimedes method as shown in 
 109 
Equations 5.1 and 5.3. This relative amount of surface fluid mass implies that the 
thickness of the fluid layer is between 0.025 and 0.03 mm thick which is reasonable. 
Table 5.7: Bakken experiment 1—Estimated amounts and error of fluid adhering to 
surface of shale sample during air weight measurements. 
Imbibition 
fluid  
   
Thickness of 
Fluid Film 








± 0.0080 mm 








± 0.0154 mm 








± 0.0768 mm 








± 0.0930 mm 
 
It is rather conclusive after examining the change in densities that sample B is 
indeed swelling at some rate, as this is the only possible explanation for the data thus far 
presented. As a result, fluid measurements cannot be used to measure the relative weight 
change for this sample. Though all the other samples pass the quantitative metrics 
previously stated, but the data is quite noisy and some of the samples appear to lose 
weight as time goes in in the fluid, which is an indicator of swelling, as the resulting 
change in measured weight must be do to an increase in buoyancy. Figures 5.18 and 5.19, 
show the final results of imbibition testing using air weight measurements and Figures 
5.20 and 5.21 using the fluid weight measurements.  
!Wsurface!fluid t( ) !
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Figure 5.18:  Bakken experiment 1—Percent displaced pore fluid of total pore 
fluid of shale samples calculated only from air weight measurements. 
 
Figure 5.19:  Bakken experiment 1—Percent displaced pore fluid of total pore 
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Figure 5.20:  Bakken experiment 1—Percent displaced pore fluid of total pore 
fluid of shale samples calculated only from fluid weight measurements. 
 
Figure 5.21:  Bakken experiment 1—Percent displaced pore fluid of total pore 


















































From examining the final results it is possible to note that imbibition is indeed 
occurring, however the volume of imbibition that is occurring compared to swelling 
becomes unclear once the percent of displaced pore fluid―calculated from fluid weight 
measurements―are examined. They converge at a single point, which implies that each 
sample had the same amount of swelling occurring. For this reason, we can use the 
calculation of the pore fluid displaced by air weight measurements, but it cannot be 
concluded that this weight gain is a result of swelling alone, rather than imbibition. 
The amount of relative error, along with the heightened sensitivity to this error 
because of the smaller physical volume, push this data set to the point where it may not 
be valid or valuable for making meaningful conclusions about the volume and/or rate of 
imbibition occurring within the samples. The volume of the samples is far too small to 
draw any significant conclusions. This, however, was an incredibly important learning 
experience and helped us to establish the best possible procedure for future tests. 
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5.3.1.2 Bakken Experiment 2 
Table 5.8: Bakken Experiment 2—Shale sample and fluid properties. 
Imbibition 
fluid A B C Brine 
 27.9484 g ± 5.00E-5 g 
25.7862 g 
± 5.00E-5 g 
27.9050 g 
± 5.00E-5 g 
26.9534 g 
± 5.00E-5 g 
 16.2696 g ± 5.00E-5 g 
15.0109 g 
± 5.00E-5 g 
16.1938 g 
± 5.00E-5 g 
15.6299 g 
± 5.00E-5 g 
 
1.110 g/cc 
± 5.00E-4 g/cc 
1.110 g/cc 
± 5.00E-4 g/cc 
1.110 g/cc 
± 5.00E-4 g/cc 
1.110 g/cc 
± 5.00E-4 g/cc 
 
0.823 g/cc 
± 5.00E-4 g/cc 
0.823 g/cc 
± 5.00E-4 g/cc 
0.823 g/cc 
± 5.00E-4 g/cc 
0.823 g/cc 
± 5.00E-4 g/cc 
 
10.521 cc 
± 4.74E-3 cc 
9.707 cc 
± 4.37E-3 cc 
10.551 cc 
± 4.75E-3 cc 
10.212 cc 











1.0595 cc  
± 1.56E-3 cc 
0.9775 cc  
± 1.38E-3 cc 
1.0625 cc  
± 1.56E-3 cc 
1.0284 cc  
± 1.49E-3 cc 
 
2.656 g/cc 
± 1.20E-3 g/cc 
2.656 g/cc 
± 1.20E-3 g/cc 
2.645 g/cc 
± 1.19E-3 g/cc 
2.639 g/cc 
± 1.19E-3 g/cc 
 
2.43 cm 
± 5.00E-5 cm 
2.43 cm 
± 5.00E-5 cm 
2.41 cm 
± 5.00E-5 cm 
2.41 cm 
± 5.00E-5 cm 
 
2.320 cm 
± 5.00E-5 cm 
2.160 cm 
± 5.00E-5 cm 
2.270 cm 
± 5.00E-5 cm 
2.240 cm 











Bakken experiment 2 was performed according to the procedure for a shale 
sample that has not been exposed to mineral oil. The samples were cut using an air-
cooled saw. The measured shale sample and fluid properties are shown below in table 
5.8. The shale samples used in this experiment were significantly larger than in Bakken 



















solutions used in Bakken experiment 1 and 2 are noticeably different but this is because 
of Experiment 2's use of laboratory-prepared artificial brine. The porosity was assumed to 
be the same as the measured value used in Experiment 1 and agrees with literature values 
Table 5.9 quantifies the weight of the fluid adhering to the surface of the sample through 
the use of Archimedes weight as discussed previously. 
Table 5.9: Bakken Experiment 2— Estimated amounts and error of fluid adhering to 
surface of shale sample during air weight measurements. 
Imbibition 













± 0.0887 mm 








± 0.0927 mm 








± 0.0952 mm 








± 0.0930 mm 
 
As seen by Examining Figures 5.22 and 5.23, all of the samples in Bakken 
Experiment 2 show a very close relationship between the relative change in air and fluid 
weight measurements for each sample. The difference between the fluid measurements, 
and the air measurements for each sample appears to be very small graphically. This 
difference is much smaller than the samples observed in the first Bakken experiment. 
Though this may appear trivial, it is an implication that the error due to swelling and/or 
variance in the volume of adhered surface fluid may be minimal. Despite the apparent 
minimal difference, further investigation into the error must be drawn before any 
!Wsurface!fluid t( ) !
Wsurface!fluid t( )
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conclusions can be drawn about this data set. The bulk density of the samples are not 
identical, and, as with Experiment 1, this difference in bulk density is likely the result of 
a difference in mineralogical content, porosity, or initial saturation. Despite this 
difference, the difference between the fluid and air measurements for both samples is 
extremely small.  
 
Figure 5.22: Bakken Experiment 2—Change in measured air and fluid weight 
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Figure 5.23: Bakken Experiment 2—Change in measured air and fluid weight 
for Bakken shale samples B and C. 
 
Figure 5.24: Bakken Experiment 2— Variance in displaced pore volume 
between air and fluid measurements due to variance in thickness of fluid film and/or 
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The difference between  and  is within the range of acceptable 
error previously stated of less than 1 percent of the total pore volume. The time-
dependence of the difference in the increases in weight is present, but again, it is not 
conclusive to claim that this trend that seems somewhat pervasive across all the samples 
is a result of swelling. As this effect could have something to do with the surface 
chemistry of the rock changing, that could cause an increase in the volume of the thin 
film fluid adherence to the surface. Additionally, the velocity of removal of the sample is 
not known―or even consistent―so some variation in the relative thin film of fluid 
adhering to the surface of the sample would result from  removal velocity.  
From this error analysis it is possible to conclude that the samples undergo a level 
of swelling, and/or change in adhered surface fluid that is well below the tolerance of the 
measurement of change in weight in the fluid. This allows for the use of the fluid weight 
measurements to calculate the rate and volume of spontaneous imbibition. For good 
measure the percent displaced pore fluid calculated air weight measurements, Figure 
5.25, is included for comparison to the fluid weight measurements. The percent of total 
pore fluid displaced of the pore volume calculated from fluid measurements is shown in 
Figures 2.26 and 2.27 in imbibition time and characteristic time respectively.  
!ΔWfluid t( ) !ΔWair t( )
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Figure 5.25:  Bakken Experiment 2—Percent displaced pore fluid of total pore 
fluid shale samples calculated only from air weight measurements. 
 
Figure 5.26:  Bakken Experiment 2—Percent displaced pore fluid of total pore 
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Though the performance of A and B at first seem far lower than C and Brine, this 
might not be the case as the actual porosity of the samples are not known and this is 
highly likely as the bulk density is higher for these samples than C and Brine. However 
what is clear is that with a sufficient sample size the rate of imbibition can be measured 
and has two distinct flow regimes. One slope that rises rapidly in less than 20 hours and 
another slope that increases slowly. This is clear that sign there is imbibition occurring 
within the shale sample. The two different flow regimes are even more apparent in 
characteristic time, shown in Figure 5.27.  
 
Figure 5.27:  Bakken Experiment 2—Percent displaced pore fluid of total pore 
fluid of shale samples calculated only from fluid weight measurements. 
A likely explanation for the dual flow regimes visible in Figure 5.26 and 5.27, is 
the initial imbibition front reaching the end of the sample or the other imbibition fronts. 
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laminar organ pores that the Bakken shale posses (Sarg, 2011). While a true conclusion 
of which surfactant is the best for enhancing spontaneous imbibition cannot be made, the 
test is obviously successful in samples of sufficient size. 
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5.3.2 Utica Spontaneous Imbibition Experiment 
Table 5.10: Utica experiment— Utica Brine (6.07 pH). 
















The Utica spontaneous imbibition experiment was carried out in accordance with 
the procedure for samples stored in mineral oil. The Utica samples were larger than the 
samples used in Bakken Experiment 1, but smaller than the samples used in Bakken 
Experiment 2―as seen below in Table 5.11. The samples did vary from perfectly 
cylindrical as during the cutting process some pieces sheared along the bedding plane, but 
all measurements were taken after shearing. In this experiment there are two additional 
assumptions beyond the assumptions made in Bakken experiments one and two. These 
two assumptions are assumed values for the total porosity of the Utica shale samples, and 
density of the saturation fluid. 
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The densities of the pore fluid were assumed to be 0.8 g/cc as a sample of the pore 
saturating fluid was not available or provided by the research sponsor as with the Bakken 
samples. The porosity for these samples was assumed to be equal to 5 percent, which is a 
median value of the literature values porosity for the Utica. Additionally, the ion 
concentrations seen in table 5.10, and the densities of the imbibition fluids were 
equivalent with the exception of the brine, which was one thousandth of a gram per cubic 
centimeter more than the other samples. 
Table 5.11: Utica experiment—Shale sample and fluid properties. 
Imbibition 
fluid A B C Brine 
 19.4353 g ± 5.00E-5 g 
17.8686 g 
± 5.00E-5 g 
22.4984 g 
± 5.00E-5 g 
23.2398 g 
± 5.00E-5 g 
 11.3003 g ± 5.00E-5 g 
10.3880 g 
± 5.00E-5 g 
13.0746 g 
± 5.00E-5 g 
13.4862 g 
± 5.00E-5 g 
 
1.106 g/cc 
± 5.00E-4 g/cc 
1.106 g/cc 
± 5.00E-4 g/cc 
1.106 g/cc 
± 5.00E-4 g/cc 
1.107 g/cc 
± 5.00E-4 g/cc 
 
0.800 g/cc 
± 5.00E-4 g/cc 
0.800 g/cc 
± 5.00E-4 g/cc 
0.800 g/cc 
± 5.00E-4 g/cc 
0.800 g/cc 
± 5.00E-4 g/cc 
 
7.355 cc 
± 3.33E-3 cc 
6.764 cc 
± 3.06E-3 cc 
8.521 cc 
± 3.85E-3 cc 
8.811 cc 
± 3.98E-3 cc 
 
2.642 g/cc 
± 1.19E-3 g/cc 
2.642 g/cc 
± 1.19E-3 g/cc 
2.640 g/cc 
± 1.19E-3 g/cc 
2.638 g/cc 











0.3678 cc  
± 4.58E-4 cc 
0.3382 cc  
± 4.05E-4 cc 
0.4260 cc  
± 5.70E-4 cc 
0.4405 cc  
± 5.99E-4 cc 
 
2.53 cm 
± 5.00E-5 cm 
2.34 cm 
± 5.00E-5 cm 
2.53 cm 
± 5.00E-5 cm 
2.54 cm 
± 5.00E-5 cm 
 
1.485 cm 
± 5.00E-5 cm 
1.480 cm 
± 5.00E-5 cm 
1.765 cm 
± 5.00E-5 cm 
1.770 cm 





























In Figures 5.28 and 5.29, the measured weight changes in the air and in the fluid 
are plotted against time, as previously described. However unlike the previous cases there 
is significantly more deviation between the two measurements. This is an obvious 
implication that there is swelling going or a significant amount of fluid adhering to the 
surface of the sample. Additional analysis is required, and the error must be examined 
before any conclusions can be drawn. 
 
Figure 5.28: Utica experiment—Change in measured air and fluid weight of 


















A-%ΔW_fluid B-%ΔW_fluid A-%ΔW_air B-%ΔW_air
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Figure 5.29:  Utica experiment—Change in measured air and fluid weight of 
Utica shale samples C and Brine. 
Table 5.12: Utica experiment—Estimated amounts and error of fluid adhering to surface 
of shale sample during air weight measurements. 
Imbibition 
fluid  
   
Thickness of 
Fluid Film 








± 0.1869 mm 








± 0.0158 mm 








± 0.0145 mm 








± 0.0181 mm 
 
The values of the estimated fluid on the surface of the shale sample are shown in 
Table 5.12. Despite having a similar surface area to the Bakken samples, the calculated 




















C-%ΔW_fluid Brine-%ΔW_fluid C-%ΔW_air Brine-%ΔW_air
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Utica samples is significantly higher than either of the Bakken values, but the relative 
weight of this mass is equal to the relative mass of the adhering surface water in Bakken 
Experiment 1.  
This relative value is what is most important, as the porosity value assumed for 
the Utica (5.0%) is roughly half of the value for porosity of the Bakken samples 
(10.07%).  Porosity is directly related to the total volume of spontaneous imbibition, and 
consequently weight change in the sample. This higher value of relative weight, with a 
lower porosity is not ideal,  as the total weight changes from spontaneous imbibition at its 
maximum is only roughly 60% of the weight of the fluid adhering to the surface of the 
sample during air weight measurements.  
This increase in the weight of the adhered surface fluid is also observed in the 
error analysis shown in Figure 5.30. The error for every sample is greater 10% after only 
eight hours of exposure to the brine mixture. The Utica samples demonstrate greater error  
than the absolute maximum amount of error established in Experiment 1 and all approach 
a final value of approximately 30% of the pore volume. This error means any 
displacement of pore fluid calculated using the fluid mixture has an error of plus or minus 
30% of the total pore volume. As this is on the order of the volume of displaced volume 
of pore fluid measured, this is not a quality data set. It is possible to use the air weight 
measurements to calculate the volume of displaced pore fluid, however it is impossible to 
determine any effect the volume of fluid adhered to the surface may be having upon the 
measurements. 
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The measured error in Figure 5.30 demonstrates time dependence, and appears to 
follow a logarithmic trend. This time dependent logarithmic trend likely implies the 
presence of swelling. Though this is impossible to determine conclusively as the time 
dependent increase in error could be due to an increase in the adhered surface fluid 
volume.  
 
Figure 5.30: Utica experiment —Variance in displaced pore volume between air 
and fluid measurements due to variance in thickness of fluid film and/or swelling 
from Equation 5.20. 
This trend of time-dependence of the change in the fluid weight measurements is 
further supported by Figure 5.31, as the calculated volume of displaced fluid follows the 
same logarithmic trend observed in the Figure 5.30. As a result, swelling is likely 
occurring in the samples and fluid measurements cannot be relied upon to accurately be 
representative of the mass gain in the sample resulting from spontaneous imbibition. 
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most likely causing the swelling. However Figure 5.31 cannot be used to make any 
meaningful conclusions about the rate, or volume of fluid imbibed by the sample as the 
amount of possible error due to swelling is on the order of the magnitude of the error, 
shown in Figure 5.30. 
 
Figure 5.31: Percent displaced pore fluid of total pore fluid of Utica experiment 
shale samples calculated only from fluid weight measurements. 
The conclusion that the fluid measurements are not a reliable data source of the 
change in weight in the sample doesn’t imply that the air weight measurements are an 
accurate data source. The amount of error in the measurements used to calculate 
displaced volume of pore fluid shown in Figure 5.32 and Figure 5.33, is unknown. The 
apparent fluid displacement could be due to many other factors in addition imbibition, 
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Figure 5.32:  Percent displaced pore fluid of total pore fluid of Utica experiment 
shale samples calculated only from air weight measurements. 
 
Figure 5.33:  Percent displaced pore fluid of total pore fluid of Utica experiment 










































A B C Brine
 129 
Due to the inability to quantify the error of the measurement, a conclusion cannot 
be made about the volume of displaced pore fluid. However, if the error in the 
measurement is indeed small and not affected by any external factors then all the samples 
behave similarly in the volume of imbibed fluid. The values are significantly higher than 
the Bakken samples, though this could be due to an error in the assumptions of the 
saturation fluid density or due to an incorrect value of porosity. Again as with the Bakken 
samples there is not a clear effect from the surfactants used. A more detailed comparison 




Chapter 6: Conclusions and Future Work 
6.1 CONCLUSIONS 
Measuring spontaneous imbibition through weight change is a well-documented 
experimental method and can successfully be applied to shale, though additional 
considerations must bed made as shale can swell depending upon the fluid contact. For 
this reason, measurements need to be made both in the air and in the fluid. Additional 
consideration must be made in the context of measuring imbibition in shale 
gravimetrically regarding the sample size and the relative volume of fluid adhered to the 
surface. To this end, it is important to determine both the amount of swelling that the 
shale undergoes because of fluid exposure as well as the fluid imbibed. Chenevert (2001) 
proposed a plot to examine the relative volume of fluid absorbed versus the amount of 
swelling. This same plot can repurposed for examining the relative amount of swelling 
versus imbibition occurring within shale measured through gravimetric experimental 
methods as purposed in this thesis.  
The results of this experiment are shown in Figure 6.1. Chenevert (2001) first 
used this figure to examine the relative volumes of swelling and imbibition of samples. 
The experimental results are grouped together by both the shale type and sample size. 
Conclusions cannot be drawn about which samples or surfactants perform best overall or 
for each shale, as the plot is not independent of pore size or sample size. However, there 
is a clear trend of larger volumes of imbibition occurring than swelling when the volume 
 131 
of fluid imbibed was equivalent to the volume of swelling. If this is the case, then all the 
data points would lie along the black line of slope equals one.  
 
Figure 6.1: Volume of adsorbed fluid of samples versus Increase in Bulk Volume. 
It is clear that this experimental method is a valid approach for measuring 
spontaneous imbibition in shale, as it has not only been proven in other rocks, but the 
addition of measuring the shale in and out of the fluid allows for a basic analysis of the 
relative amount of swelling. Additional experiments must be run in order to conclude that 
























Increase in Bulk Volume (Swelling) (cc)
A-Bakken 2 B-Bakken 2 C-Bakken 2 Brine-Bakken 2
A-Bakken 1 B-Bakken 1 C-Bakken 1 Brine-Bakken 1




Figure 6.2: Contour plot of relative weight of 0.05 mm thin fluid layer of density 1.0 
g/cc adhered to surface of cylindrical shale sample with a bulk density of 2.65 g/cc. 
This experiment is very effective in comparing relative imbibition rates and the 
effect that various surfactants can have on different kinds of shale. The quality of the air 
measurements is highly dependent upon the relative volume and weight of the thin film 
of fluid relative to the total bulk volume. Figures 6.2 demonstrates this effect by 
illustrative the relative weight of a 0.05 mm fluid film as a function of sample size. The 
overall trend is that the larger the samples size the better. An ideal sample size must be 
established in order to best balance out the total volume amount of preserved shale used 
compared to the error caused in air measurements compared to the fluid film. Ideally the 
measured change in weight due to imbibition should be significantly more than the 
variation due to the fluid film on the surface of the sample on the order of a few percent. 































0.00%-0.33% 0.33%-0.65% 0.65%-0.98% 0.98%-1.30%
1.30%-1.63% 1.63%-1.95% 1.95%-2.28% 2.28%-2.60%
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well as the total difference in weight change as shown in figure 6.3. Additionally the thin 
film of fluid may be increase or decrease as a function of time due to the modification of 
the contact angle between the shale sample and the fluid, as stipulated by the studies 
involving dip coating have shown.  
 
Figure 6.3: Change in measured weight of sample as a function of pore volume and 
difference between saturation fluid density and imbibition fluid density. 
The Bakken had as much larger pore volume relative to the Utica, and as a result 
much more imbibition occurred. The rate of imbibition was also much slower in the Utica 
than the Bakken and did not demonstrate the classical two stage imbibition fronts. The 
first rate observed in the Bakken is dominated by spontaneous imbibition dominated by 
capillary pressure, which is a function of pore size. The first rate of imbibition dominated 
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by capillary pressure collapses when the imbibition front displacing the pore fluid reaches 
a no flow boundary or when it contacts another imbibition front. This was clearly 
observed in the Bakken and appeared to follow a trend proportional to a power of time as 
shown in the Chapter 5.  
Permeability is a well-documented rate-limiting factor in spontaneous imbibition 
and this trend was demonstrated as well in this experimental study. The Utica according 
to the literature has a much lower permeability as well as a smaller median pore size. 
While the Bakken and Utica both have pores measuring as small 2 nanometers. The 
typical pore size of the Bakken is 20 nm with a range of 2 nm to 100 nm (Ramakrishna, 
2010) while the Utica covers about the same range (2 – 200 nm) the median is only 5 nm 
(Bohacs, 2013). The Bakken is also considered to have a much higher permeability than 
the Utica depending upon the member of the Bakken being tested. 
Capillary pressure is a function of pore size and pore throat radius, and increases 
as the pore size decreases. However the same effects documented at the micrometer level 
cannot be expected to continue at the nanometer scale. As the size of the pores decrease, 
the interaction of individual molecules has a larger effect. What happens at this scale is 
just beginning to be studies, however it has been shown that the rate of spontaneous 
imbibition of nanometer scale capillary tubes obeys a modified Washburn equation after 
with a factors to account for a dynamic contact angle and non zero fluid velocity at the 
wall of the tube known as slip flow (Supple, 2004; Dimitrov, 2007). The unmodified 
Washburn equation is shown in equation 6.1 where r is the radius of the capillary tube, L 
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is the length traveled by the fluid, gamma is the interfacial tension or surface tension, eta 
is the dynamic viscosity, and t is time.  
 ..............................................................................................................  (6.1) 
Though the behavior of a fluid in a capillary tube still follows this equation 
overall the phenomena in pores is not well documented in pores. Many authors including 
Dimitrov (2007), Stukan (2012) note that the contact angle at this scale becomes dynamic 
and is no longer a constant, which may complicate the interaction with surfactant. 
Dimitrov (2007) has shown through simulations that surfactants still work at the 
nanoscale, but further research is needed to experimentally prove how effective they are 
at modifying the contact angle at the nanometer scale. 
Despite the concerns of what the behavior of surfactant will be in the nanopores in 
shale, it is important to determine if they have an effect. There was no discernable 
difference or measured increase in effectiveness with the use of the surfactant in the 
experiments preformed. However that is most likely due to the actual behavior of the 
surfactant and the fluid and rocks involved not properly being formulated.  
Overall this experiment was effective in measuring the weight change of shale 
samples as they underwent spontaneous imbibition and is an effective test for measuring 
the rate of imbibition of an unconfined organic-rich shale sample in a very detailed range, 
while maintaining the ability to measure the relative amount of swelling to ensure that 










6.2 FUTURE WORK  
Further experiments need to be preformed in order to completely verify this 
experimental method. While it is clear that this method is a viable option for rock and 
shale samples that exhibit little to no fluid sensitivity, many shales are highly sensitive to 
fluids and do not have the cohesion required to satisfy the assumptions made in this 
experimental method. If the variations of the thin film of surface fluid can be further 
restrained through experimental procedure changes, the volume of swelling can be 
calculated with less error through using Archimedes method. This may be accomplished 
through the better selection of sample size and perhaps a modification of the sample 
shape. The effect of surfactants have upon this fluid film also needs to be considered. 
Additional work still needs to be done to confirm the assumptions about the 
density of the saturation fluid, and the imbibition fluid. The initial saturation, porosity, 
mineralogy and permeability of the samples need to be fully quantified to allow for the 
true comparison of the rates of imbibition. The total amount of organic content is a good 
indicator of porosity, oil, and gas in shale and should be investigated in relation to the 
wettability of shale samples. Several methods such as x-ray computed tomography and 
nuclear magnetic resonance methods could be combined with this experiment to evaluate 
the relative penetration and displacement of the imbibition fluid. The effect reservoir 
temperatures and pressures have upon spontaneous imbibition should also be 
investigated. 
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A surfactant formulation study to evaluate what surfactant or mix of surfactants in 
combination can reduce the contact angle to very water wet levels while maintaining the 
interfacial tension must be done to further evaluate effect of surfactant in shale. Organic-
rich shale creates presents a unique challenge as there are multiple pore structures within 
the sample most likely have unique contact angles. It is unlikely that organic pores have 




A.1 MEASURED AIR AND FLUID WEIGHTS 
Table A.1: Bakken Experiment 1 Measured Data: Imbibition Fluids A and B. 
Imbibition 
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Table A.2: Bakken Experiment 1 Measured Data: Imbibition Fluids C and Brine. 
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Table A.3: Bakken Experiment 2 Measured Data: Imbibition Fluids A and B. 
Imbibition 
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Table A.4: Bakken Experiment 2 Measured Data: Imbibition Fluids C and Brine. 
Imbibition 
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Table A.5: Utica Experiment Measured Data: Imbibition Fluids A and B. 
Imbibition  
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Table A.6: Utica Experiment Measured Data: Imbibition Fluids C and Brine. 
Imbibition  












































































































!Wair t( ) !Wfluid t( ) !Wair t( ) !Wfluid t( )
 144 
Glossary 
Arch W_air—calculated value of  using Archimedes principle from 
equation 1. 
Bight—a slack portion of line between any two ends of a line. 
Bulk volume—the total volume of a porous media, includes both the physical and 
void volume. 
Clay—minerals or particles less than 5 microns.  
Detrital—partials orginating from a preexisting rock, many grains in shales are 
detrital grains.  
Devonian—sub period of geologic timescale ranging from 419.2 to 358.9 million 
years ago. 
Effective pore volume—volume of interconnected pore space. 
Fracing—see hydraulic fracturing. 
Hydraulic fracturing—a well stimulation technique accomplished by the 
fracturing of a rock by a pressurized liquid. 
Imbibition—the displacement of one fluid by another immiscible fluid. 
Interfacial tension—see surface tension. 
Overhand knot—a knot tied by creating a loop and push the working end through 
the loop with your thumb. 
Mississipian —subperiod of geologic time scale spanning from 358.9 to 323. 2 
million years ago. 
Mudstone—a sedimentary rock classified as having grains smaller than 62.5 
microns.  
 Wair t( )
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Mudrock—see mudstone.  
Overhand loop—a overhand knot where a loop of line is used as the working end. 
Pore space—the void volume of a porous media. 
Pore volume—volume of pore space: see total pore volume and effective pore 
volume. 
—the density of the brine solution imbibing into the shale sample. Measured 
experimentally using balance and density kit as described in procedure chapter.  
—the density of the fluid saturating the pore space of the shale sample, 
shale sample is assumed to be completely oil saturated.  
—density of the preserved shale sample before exposure to the brine 
solution. 
—density of the shale sample at time t after exposure to the brine 
solution. 
—change in density of the shale sample at time t after exposure to the 
brine solution. 
Standing end—the load-bearing portion between the overhand loop and the shale 
sample and in general the part of the line that is not active in the knot tying. 
Surface tension—the bulk phenomena of liquids that is a result of the cohesive 
properties of the molecules that make up the fluid; often represented with the symbol γ. 
Surfactant—a compound that is both hydrophobic and hydrophilic that lowers 
surface tension or interfacial tension. 
Total pore volume—volume of the absolute pore space of a sample. Contains 
interconnected and separated pores. 










—volume of saturating fluid, oil if sample completely oil saturated, 
displaced from sample due to spontaneous imbibition.  
—the total void space volume or pore volume of a porous media sample 
includes void  or pore space that is not interconnected, calculated using equation A.1.  
—volume of the preserved shale sample before spontaneous imbibition 
occurs 
—volume of the shale sample at time t after spontaneous imbibition 
begins. 
—apparent increase in volume of sample during fluid measurements 
due to displacement of oil droplets adhered to surface of shale sample during fluid 
measurements. Equal to zero if discussing true volume of shale in air. 
—change in volume of shale sample due to swelling from brine solution 
exposure. 
—the initial measured air weight of the preserved shale sample. 
—the measured air weight of the shale sample at time t. 
—the change in the measured air weight of the sample in air from time 0 
to time t. 
—the initial measured weight of the preserved shale sample immersed in 
the imbibition fluid. 
—the measured weight of the shale sample immersed in the imbibition 
fluid at time t. 
— the change in the measured weight of the shale sample immersed in 
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Working end—the part of the line that is active in the knot tying and is the excess 
portion of the knot that is trimmed in this project.  
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